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ABSTRACT
The Bakken Formation in the Williston Basin is one of the most productive liquid-
rich unconventional plays. The Bakken Formation is divided into three members, and the
Middle Bakken Member is the primary target for horizontal wellbore landing and hydraulic
fracturing because of its better rock properties. Even with this new technology, the primary
recovery factor is believed to be only around 10%. This study is to evaluate various gas
injection EOR methods to try to improve on that low recovery factor of 10%. In this study,
the Elm Coulee Oil Field in the Williston Basin was selected as the area of interest.
Static reservoir models featuring the rock property heterogeneity of the Middle Bakken
Member were built, and fluid property models were built based on Bakken reservoir fluid
sample PVT data. By employing both compositional model simulation and Todd-Longstaff
solvent model simulation methods, miscible gas injections were simulated and the simulations
speculated that oil recovery increased by 10% to 20% of OOIP in 30 years.
The compositional simulations yielded lower oil recovery compared to the solvent model
simulations. Compared to the homogeneous model, the reservoir model featuring rock prop-
erty heterogeneity in the vertical direction resulted in slightly better oil recovery, but with
earlier CO2 break-through and larger CO2 production, suggesting that rock property hetero-
geneity is an important property for modeling because it has a big effect on the simulation
results. Long hydraulic fractures shortened CO2 break-through time greatly and increased
CO2 production. Water-alternating-gas injection schemes and injection-alternating-shut-in
schemes can provide more options for gas injection EOR projects, especially for gas pro-
duction management. Compared to CO2 injection, separator gas injection yielded slightly
better oil recovery, meaning separator gas could be a good candidate for gas injection EOR;
lean gas generated the worst results. Reservoir simulations also indicate that original rock
properties are the dominant factor for the ultimate oil recovery for both primary recovery
iii
and gas injection EOR.
Because reservoir simulations provide critical inputs for project planning and manage-
ment, more effort needs to be invested into reservoir modeling and simulation, including
building enhanced geologic models, fracture characterization and modeling, and history
matching with field data. Gas injection EOR projects are integrated projects, and the
viability of a project also depends on different economic conditions.
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With the growing global economy, how to meet the increasing demand for energy is a
big challenge for human society. Among the various energy resources available, liquid fossil
fuel is critical, especially in the transportation sector; however, it is getting more difficult to
recover these hydrocarbons because our conventional resources are becoming depleted.
During the past decade, liquid-rich unconventional tight oil plays have attracted lots of
industry attention due to technology advancements and commodity price. One important
quality for different liquid-rich unconventional tight oil plays is that hydrocarbon bearing
formations have very low porosity and extremely low permeability compared to conventional
hydrocarbon liquid reservoirs. Therefore, recovering hydrocarbon from those tight forma-
tions is not easy.
Along with high oil price, horizontal drilling and multi-stage hydraulic fracturing are now
making those unconventional tight oil plays viable. However, the oil recovery factor for those
plays is very low, so discovering how to economically produce more oil out of these known
tight formations is a new challenge.
In this study, the miscible gas injection enhanced oil recovery methods (including CO2
injection, separator gas injection, and lean gas injection) and different injection schemes,
were studied for the Bakken Formation in the Elm Coulee Field, Montana.
1.1 Location of Study Area
The area of interest for this study is the Elm Coulee Field located in Richland County,
northeastern Montana (Figure 1.1). The oil field covers about 530 mi2, and the original oil
in place (OOIP) is about 2.65 billion stock tank barrels oil (STBO).
1
Figure 1.1: Location of the Bakken Formation, Williston Basin, and the area of this study
(the Elm Coulee Field) is highlighted in red dashed line (Sonnenberg and Pramudito, 2009).
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1.2 Research Objectives and Methods
This study focused on (1) Equation-of-State (EOS) modeling for the Bakken reservoir
fluids in the Elm Coulee Field, (2) the application of EOS model to compositional model sim-
ulations of gas injection EOR, and (3) the comparison between the Todd-Longstaff solvent
model and the compositional model. In addition, different static reservoir models and differ-
ent injection schemes were studied to help understand Bakken oil production characteristics
better and to find ways to improve economic viability for Bakken development.
The main objectives of this study are to:
 Assess the Bakken tight oil reservoir miscible gas injection potentials through compo-
sitional model reservoir simulations and Todd-Longstaff solvent model reservoir simu-
lations. In order to build reservoir simulation models for this study, two essential parts
are needed: static reservoir models and reservoir fluid models.
 Build static reservoir models which could represent the Bakken Formation properties
in the Elm Coulee Field.
 Build reservoir fluid models for compositional simulations and Todd-Longstaff solvent
model simulations respectively. This part of the work includes EOS model tuning to
match PVT experimental data of the Bakken reservoir fluid from the Elm Coulee Field.
 Compare simulation results between compositional simulations and Todd-Longstaff
solvent model simulations.
 Compare simulation results based on different static reservoir models.
 Compare simulation results based on different injection gases (CO2, separator gas, and
lean gas).
 Compare water-alternating-gas (WAG) schemes with continuous gas injection schemes.
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 Compare gas-injection-alternating-shut-in (IAS) schemes with WAG and continuous
gas injection schemes.
 Analyze production sensitivity of a hydraulically fractured reservoir to permeability of
different reservoir components.
1.3 Research Contributions
The key contributions of this study include:
 Establishment of the Elm Coulee Field Bakken reservoir fluid EOS model and static
reservoir models.
 Comparisons between compositional model reservoir simulations and Todd-Longstaff
solvent model reservoir simulations.
 Analysis of different injection gases for Bakken EOR: CO2, separator gas, and lean gas.
 Analysis of different injection schemes for Bakken EOR: continuous gas injection,
water-alternating-gas (WAG) injection, and gas-injection-alternating-shut-in (IAS).
 Sensitivity analysis of field production to the permeability of different reservoir com-
ponents
1.4 Organization of the Thesis
This document contains five chapters.
Chapter 1 explains the main objectives, methods, and contributions of this MS thesis
study.
Chapter 2 provides the geological background of the Bakken Formation, the development
history of the Bakken play, and key reservoir characteristics of the Bakken Formation. Un-
conventional tight oil field developments are both economy and technology driven projects;
therefore, some key technical ingredients for tight oil play development are introduced as
well, including horizontal drilling, multi-stage stimulation, and microseismic monitoring.
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Chapter 3 summarizes the methods used in this study. The static reservoir models are
described; the EOS modeling and simulation methods are shown to be important for reservoir
simulations.
Chapter 4 presents and analyzes reservoir simulation results, makes key comparisons
between different static reservoir models, different fluid models, different injection schemes
and different injection gases, and presents the sensitivity analysis.
Chapter 5 summarizes major conclusions of this study, and makes recommendations for




This chapter provides the geological background of the Bakken Formation, the develop-
ment history of the Bakken play, and key reservoir characteristics of the Bakken Formation.
In addition, some key technologies for tight oil play development are introduced, including
horizontal drilling, multi-stage stimulation, and microseismic monitoring.
2.1 The Bakken Formation
The Bakken Formation is the geological focus of this study.
2.1.1 Regional Geology Background and the Bakken Petroleum System
The Bakken Formation is located in the Williston Basin, North America; the entire for-
mation stretches across over 200,000 square miles covering parts of Montana, North Dakota,
Manitoba and Saskatchewan. The fluid sample in this study comes from well Larson 1-19H
in location T23N R58E SEC19 from the Elm Coulee Field, Montana. Figure 1.1 in Chapter
1 shows the Williston basin, and the location of the Elm Coulee Field.
The Williston Basin is a large intracratonic basin, containing approximately 16,000 ft
of sedimentary section (Sonnenberg and Pramudito, 2009). The generalized stratigraphic
column is shown in Figure 2.1 (Flannery and Kraus, 2006). The Bakken Formation sedi-
ments were deposited during the Tamaroa Sequence in late Devonian and early Mississippian
(Wheeler, 1963); the thickness of the Bakken Formation is up to 140 ft. It is conformably
overlain by the Lodgepole Formation and unconformably underlain by the Upper Devonian
Three Forks Formation (Meissner, 1984). The detailed stratigraphic column for these units
is shown in Figure 2.2 (Webster, 1984).
The Bakken Formation is divided into three members: the Upper, the Middle, and the
Lower, as indicated in the Bakken type log in Figure 2.3 (Walker et al., 2006). Both the
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Figure 2.1: Stratigraphic column of the Williston Basin (Flannery and Kraus, 2006).
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Figure 2.2: Stratigraphic column of the Bakken petroleum system (Webster, 1984).
Upper Member and the Lower Member are organic-rich black shales and are the source beds
for the Bakken petroleum system. The Upper and Lower Bakken Members have average
TOC content from 7% to 11% (Sonnenberg and Pramudito, 2009). The Middle Bakken
Member is mainly dolomitic siltstone or silty dolostone and some sandstone, with a very low
TOC content. The Middle Bakken Member has better permeability and is a better reservoir
rock, and therefore is the main target for horizontal drilling and completion.
2.1.2 The Elm Coulee Field
The Elm Coulee Field is located in Richland County, northeastern Montana. The Bakken
Formation in the Elm Coulee Field was targeted several times in the late 1990s; however
the formation did not produce oil economically. The first horizontal drilling and completion
targeting the Bakken Formation in the Elm Coulee Field was in 2000, even though the prime
objective was the Nishu Formation. Initial oil production rates for a horizontal well are
between 200 and 1,200 STBOPD, and the estimated ultimate recovery (EUR) from primary
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Figure 2.3: Bakken type log (Ranger Korom #10-25, NW SE Sec. 25, T.155N., R.95W.) in
Nesson Anticline, North Dakota (Walker et al., 2006).
recovery for each well is between 300,000 and 750,000 STBO (Sonnenberg and Pramudito,
2009). The ultimate recovery from primary recovery for the entire Elm Coulee Field is
believed to be more than 200 MMSTBO. The OOIP is around five MMSTBO per section.
Because the Elm Coulee Field covers about 530 square miles (530 sections), the OOIP is
about 2.65 billion STBO. Based on current technology, the primary recovery factor is around
10% (Sonnenberg and Pramudito, 2009).
Within the Elm Coulee Field, the thickness of the Upper Bakken Member (upper shale)
is between 6 ft and 10 ft, and the TOC content is between 7% and 14% (Sonnenberg and
Pramudito, 2009). The thickness of the Middle Bakken Member is between 10 ft and 40
ft, porosity is between 5% and 9%, and the average permeability value is approximately
0.05 md (Pramudito, 2008). The Lower Bakken Member (lower shale) is very thin and only
two to five feet in the Elm Coulee Field, and the extents of different Bakken members and
the schematic structural cross-section are shown in Figure 2.4. A type log for the Bakken
Formation in the Elm Coulee Field is shown in Figure 2.5.
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Figure 2.4: Extents of different Bakken members and the schematic structural cross-section
for the Bakken Formation, Williston Basin (Meissner, 1984; Modified after Walker et al.,
2006).
Figure 2.5: Bakken type log (Vaira #44-24, SE SE Sec. 24, T.24N., R.54E.) in the Elm
Coulee Field, Montana (Modified after Walker et al., 2006).
10
2.1.3 The Middle Bakken Member Facies Descriptions and Rock Properties in
the Elm Coulee Field
Three main facies (A, B and C) were defined based on Bakken cores in the Elm Coulee
Field (Pramudito, 2008); Facies B were divided into Facies B1 and B2, as shown in Figure 2.6.
The permeability of Facies A is between 0.01 md and 0.03 md, and the porosity is between
3% and 6%; the permeability of Facies B1 is approximately 0.01 md, and the porosity is
between 3% and 5%; the permeability of Facies B2 is between 0.02 md and 0.4 md, and the
porosity is between 5% and 7%; the permeability of facies C is between 0.03 md and 0.06 md,
and the porosity is between 5% and 8% (Pramudito, 2008). The summary of permeability
and porosity are listed in Table 2.1. The porosity data and permeability data were obtained
from lab measurements (Pramudito, 2008). The measurements of permeability were based
on dry cores, and the laminar flow state was achieved under constant pressure gradient across
core plugs; because only air was present (one phase), the measured permeability is absolute
permeability.
Table 2.1: Permeability and porosity values for different lithofacies of the Middle Bakken
Member in the Elm Coulee Field (Pramudito, 2008).





2.2 Key Technology Advancements for Bakken Development
People have known about the Bakken oil potential for decades; however, the Bakken could
not be developed without some key new technology advancements. These include horizontal
drilling, multi-stage hydraulic fracturing/stimulation, and microseismic monitoring.
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Figure 2.6: Core descriptions of the Bakken Formation of the Vaira #44-24 in the Elm
Coulee Field (Pramudito, 2008).
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2.2.1 Horizontal Drilling
For unconventional tight oil reservoir developments, like the Bakken, the drilling tech-
nology advancements are the key ingredients for the success. Among all the advancements,
horizontal drilling is the most important.
Due to the low permeability and thin net pay of the Bakken Formation, traditional
vertical well could not economically produce oil. Horizontal drilling can effectively increase
wellbore-formation contact surface area. Due to the thin pay zone of the Bakken Formation
in the Elm Coulee Field, the wellbore placement needs to be very accurate to optimize
production; therefore, very precise horizontal drilling technology needs to be applied.
One of the key reasons for horizontal drilling advancements is the development of geosteer-
ing tools, and measurement while drilling (MWD) and logging while drilling (LWD) tools.
2.2.2 Multi-Stage Stimulation
Unconventional tight oil play formations, including the Bakken Formation, have very
low permeability compared to conventional reservoir rocks. Horizontal drilling could en-
hance the wellbore-formation contact surface area; however, horizontal drilling alone could
not significantly increase economic production. Along with horizontal drilling, multi-stage
fracturing/stimulation is playing a critical role in the unconventional tight oil reservoir de-
velopment.
The key advantages of this technique are:
 Increase reservoir contact: hydraulic fractures grows into hydrocarbon bearing for-
mations, and the fractures are propped open with various proppants; the propped
hydraulic fractures have excellent permeability compared to the reservoir rock, and
act like extensions of the wellbore surface area; therefore, the reservoir contact area is
greatly increased.
 Boost production rate: larger reservoir contact area is the reason why stimulated
reservoir has a much better production profile; single well economic performance is
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largely depending on the production rate.
 Provide better access to reserves: a single hydraulically stimulated well could have
larger drainage volume; therefore, the number of wells needed to drain a unit area is
reduced resulting in lower overall drilling and completion cost.
2.2.3 Microseismic Monitoring
Microseismic is an important technique for monitoring hydraulic stimulation. Initially,
the technology was developed for geothermal energy business (Albright and Pearson, 1982;
Batchelor, Baria and Hearn, 1983), but found its way in stimulation monitoring application
for unconventional reservoirs, including shale gas and tight oil reservoirs.
Microseismic events result from rock failure due to geomechanical changes (Pearson,
1981). These microseismic events can be recorded from both surface and downhole geo-
phones. By plotting all recorded microseismic events in a 3-D space, a microseismic map is
generated and the microseismic events normally look like clouds due to the large amount of
scattered dots across the map (Figure 2.7) (Warpinski, 2013). Microseismic maps help peo-
ple to evaluate the stimulated rock volume. Within the affected rock volume, large fracture
networks could be present after stimulation resulting in higher rock permeability, and the
affected rock volumes are termed as stimulated reservoir volume (SRV) (Mayerhofer et al.,
2010).
2.3 Bakken Development
After Bakken was discovered and the development began, various drilling and completion
methods were implemented (Zander et al., 2010):
 During the 1960s, vertical wells were completed with small scale stimulation in the
Antelope Field , the original Bakken field.
 In the late 1970s through mid-1980s, vertical Bakken wells were completed with gelled
oil stimulation.
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Figure 2.7: Microseismic maps example for the Marcellus Shale in the Appalachian Basin
(Warpinski, 2013).
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 In 1987, the first horizontal well was drilled and completed with a pre-perforated liner
in Billings County.
 During 1990s, the Upper Bakken Member became the main target for horizontal wells;
however, most wells were still uneconomic
 However, in 2000, the Middle Bakken Member in the Elm Coulee Field became the
target for horizontal drilling and completion and the wells were very economic.
 After 2007, the Bakken play extented into North Dakota to the Sanish and Parshall
Fields.
Currently, common completion scheme used for Bakken play is open-hole completion with
multi-stage stimulation. Bakken oil production has greatly increased in the last decade as
shown for North Dakota in Figure 2.8.
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Figure 2.8: Daily Oil Production from the Bakken Formation in North Dakota (data extracted from www.dmr.nd.gov, Depart-




This gas injection EOR study is based on compositional simulations and Todd-Longstaff
solvent model simulations. To accomplish this, reservoir models honoring accurate Bakken
rock and fluid properties need to be built. In this chapter, how various static reservoir models
were built is presented, reservoir fluid PVT data are listed, fluid components lumping and
EOS modeling principles and results are described. The theory behind various reservoir
simulation methods is also presented.
3.1 Static Reservoir Models and Reservoir Conditions
This section focuses on the static reservoir model building process and general reservoir
conditions in the Elm Coulee Field.
3.1.1 Grid Network and Rock Properties
Six static reservoir models were used for this study, and all six models have the same
grid network. The modeled volume is one mile in length (x-direction) by one mile in width
(y-direction) by 24 ft in thickness (z-direction), and 93 (x-direction) Ö 110 (y-direction)
Ö 6 (z-direction) grid cells were used. For the models, logarithmic gridding scheme was
used, because logarithmically gridded reservoir models could represent hydraulically frac-
tured reservoir better. The general gridding scheme for all the six static reservoir models is
shown in Figure 3.1.
Layer 1 and 2 represent the Upper Bakken Member (upper shale), Layer 3 represents
Facies C in the Middle Bakken Member, Layer 4 represents Facies B2 in the Middle Bakken
Member, Layer 5 represents Facies B1 in the Middle Bakken Member, and Layer 6 represents
Facies A in the Middle Bakken Member.
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Figure 3.1: General 3D gridding scheme for all the six static reservoir models: the six layers
in z-direction are defined as Layer 1, Layer 2, Layer 3, Layer 4, Layer 5 and Layer 6 from
top to bottom; one injector (well I001) and two producers (well P001 and well P002) are
labeled as well.
The horizontal wellbores are placed in the Layer 4 (Facies B2) for all wells; each horizontal
well has 10 transverse hydraulic fractures, the spacing between hydraulic fractures is 528 ft,
the half-length of the hydraulic fractures is 312 ft, and the height is 24 ft meaning hydraulic
fractures penetrating all six layers. All hydraulic fractures are the same for all models expect
Reservoir Model #3, and the conductivity of the hydraulic fractures is 23 md-ft. Reservoir
Model #3 has a long transverse hydraulic fracture in both production wells.
The reservoir volume is divided into three different components:
 Hydraulic Fractures: Grid blocks representing hydraulic fractures have the highest
permeability due to the presence of proppants, and they are marked in red in Figure 3.2.
 Stimulated Reservoir Volume (SRV): Hydraulic fracturing treatments stimulate rock,
not only by creating hydraulic fractures but also by generating microfractures within
rock volumes between long bi-wing hydraulic fractures. The microfractures are not
propped open but could contribute to the complex fracture networks. Those affected
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rock volumes are called stimulated reservoir volumes (SRV); in this study, SRV is
represented by light blue grid blocks in Figure 3.2.
 Unstimulated Reservoir Volume (USRV): Other than hydraulic fractures and SRV, the
reservoir constitutes all of the other rock volumes, and these rock volumes have both
original matrix permeability and original natural fracture permeability; compared to
hydraulic fractures and SRV, the rock volumes have the lowest permeability. In this
study, those reservoir volumes are termed as unstimulated reservoir volumes (USRV)
and are denoted by dark blue blocks in Figure 3.2.
Figure 3.2: General gridding scheme for static reservoir models in 2D (x-y): red grid blocks
(hydraulic fractures), light blue grid blocks (stimulated reservoir volumes - SRV), and dark
blue grid blocks (unstimulated reservoir volumes - USRV).
In this study, six static reservoir models were used. For all models except Model #4, the
conductivity of the hydraulic fractures is 23 md-ft, and it is calculated from fracture width
1.44 ft and fracture permeability 16 md; in reality, the fracture width is much smaller but
with a much higher permeability value, and the assigned 1.44 ft fracture width is used to
ease numerical convergence issue associated with high permeability contrast.
20
 Reservoir Model #1 (Figure 3.3): The conductivity of hydraulic fractures is 23 md-ft;
the permeability values for SRV and USRV are assigned individually to different layers
representing different lithofacies, they are indicated in Figure 3.3 and these values
come from permeability ranges of different lithofacies (Pramudito, 2008). The average
permeability of SRV from Layer 3 to Layer 6 is 0.1 md, and the average permeability
of USRV from Layer 3 to Layer 6 is 0.05 md. The two layers on top (Layer 1 and
2) have the same SRV permeability as 0.002 md and the same USRV permeability as
0.001 md.
 Reservoir Model #2 (Figure 3.4): The conductivity of hydraulic fractures is also 23
md-ft; the two layers on top (Layer 1 and 2) have the same SRV permeability as 0.002
md and the same USRV permeability as 0.001 md. The permeability of SRV from layer
3 to layer 6 is constant 0.1 md, and the permeability for USRV from layer 3 to layer 6
is constant 0.05 md.
 Reservoir Model #3: This model is modified from Reservoir Model #1; the only differ-
ence is that one long hydraulic fracture is defined in this model as shown in Figure 3.5;
the long hydraulic fracture could resemble possible high permeable channels present in
hydraulically fractured reservoir, and the purpose of this model is to investigate how
the long hydraulic fracture could affect miscible gas injection simulation outcomes.
 Reservoir Model #4: This model is modified from Reservoir Model #1; the only dif-
ference is that the conductivity of hydraulic fracture is 46 md-ft instead of 23 md-ft.
 Reservoir Model #5: This model is modified from Reservoir Model #1; the only dif-
ference is that the permeability values of SRV from Layer 1 to Layer 6 are doubled
compared to Reservoir Model #1.
 Reservoir Model #6: This model is modified from Reservoir Model #1; the only dif-
ference is that the permeability values of USRV from Layer 1 to Layer 6 are doubled
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compared to Reservoir Model #1.
Figure 3.3: Gridding scheme for reservoir model #1: the color bar is permeability scale, and
the permeability values are indicated.
The summaries for permeability and porosity values by layer are shown in Table 3.1 and
Table 3.2.
In addition to the assigned permeability and porosity values of different grid blocks for
different reservoir models, the water, oil, and gas relative permeability data are obtained from
a previous Bakken reservoir simulation study (Shoaib and Hoffman, 2009), and the relative
permeability curves are shown in Figure 3.6 and Figure 3.7; in that study, the relative
permeability values were assumed for the Bakken Formation in the Elm Coulee Field. In the
future, the reservoir models could be updated with accurate relative permeability data.
Furthermore, the relative permeability curves could shift with increasing CO2 saturation
during CO2 flooding, resulting in a lower residual oil saturation; this effect could improve
overall oil recovery, and it is an important advantage for CO2 flooding.
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Figure 3.4: Gridding scheme for reservoir model #2: the color bar is permeability scale, and
the permeability values are indicated.
Figure 3.5: the location of the long hydraulic fracture for reservoir model #3: the long
hydraulic fracture is represented by the red grid blocks.
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Table 3.1: Reservoir model permeability value summary.
- - Model #1 Model #2
Model #3 (with a
long hydraulic
fracture)




23 23 23 46 23 23
Layer 1
SRV Permeability (md) 0.002 0.10 0.002 0.002 0.004 0.002
USRV Permeability (md) 0.001 0.05 0.001 0.001 0.001 0.002
Layer 2
SRV Permeability (md) 0.002 0.10 0.002 0.002 0.004 0.002
USRV Permeability (md) 0.001 0.05 0.001 0.001 0.001 0.002
Layer 3
SRV Permeability (md) 0.060 0.10 0.060 0.060 0.120 0.060
USRV Permeability (md) 0.030 0.05 0.030 0.030 0.030 0.060
Layer 4
SRV Permeability (md) 0.280 0.10 0.280 0.280 0.560 0.280
USRV Permeability (md) 0.140 0.05 0.140 0.140 0.140 0.280
Layer 5
SRV Permeability (md) 0.020 0.10 0.020 0.020 0.040 0.020
USRV Permeability (md) 0.010 0.05 0.010 0.010 0.010 0.020
Layer 6
SRV Permeability (md) 0.040 0.10 0.040 0.040 0.080 0.040
USRV Permeability (md) 0.020 0.05 0.020 0.020 0.020 0.040
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Table 3.2: Reservoir model porosity value summary.
- - Model #1 Model #2 Model #3 Model #4 Model #5 Model #6
Layer 1 Porosity (fraction) 0.055 0.055 0.055 0.055 0.055 0.055
Layer 2 Porosity (fraction) 0.055 0.055 0.055 0.055 0.055 0.055
Layer 3 Porosity (fraction) 0.065 0.055 0.065 0.065 0.065 0.065
Layer 4 Porosity (fraction) 0.065 0.055 0.065 0.065 0.065 0.065
Layer 5 Porosity (fraction) 0.045 0.055 0.045 0.045 0.045 0.045
Layer 6 Porosity (fraction) 0.045 0.055 0.045 0.045 0.045 0.045
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Figure 3.6: Water and oil relative permeability (water-oil system) (Shoaib and Hoffman,
2009).
Figure 3.7: Gas and oil relative permeability (gas-liquid system) (Shoaib and Hoffman, 2009).
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3.1.2 Reservoir Conditions and Fluid Properties
The reservoir temperature is 240 oF, average API gravity is 44 oAPI, the bubble point
pressure is 1,564 psia and the initial GOR is 576 SCF/STB based on the PVT test for
the Bakken reservoir fluid in the Elm Coulee Field (Table 3.3). The depth of the Bakken
Formation ranges from 8,500 ft to 11,500 ft in the Elm Coulee Field, and the average pressure
gradient of the Bakken Formation is approximately 0.53 psi/ft (Pramudito, 2008). Therefore,
the formation depth used this study is 10,000 ft, providing an initial formation pore pressure
of 5,300 psia. The initial water saturation used is 0.25, so the initial oil saturation is 0.75
because the initial formation pressure is higher than bubble point pressure (Table 3.3).
Table 3.3: General reservoir conditions and fluid properties.
Reservoir Temperature 240 oF
Bubble Point Pressure 1,564 psia
Solution Gas-Oil Ratio 576 SCF/STB
API Gravity 44 oAPI
Depth 10,000 ft
Initial Formation Pressure 5,300 psia
Initial Water Saturation 0.25 fraction
Initial Oil Saturation 0.75 fraction
3.2 Reservoir Fluids and EOS Modeling
Reservoir fluids sampling and EOS modeling principles are explained in this section.
3.2.1 Reservoir Fluid Sampling and PVT Tests
The reservoir fluid composition varies from field to field and from reservoir to reservoir;
therefore, acquiring reservoir fluid samples and characterizing samples are necessary for
reservoir simulation practice.
The Bakken reservoir fluid properties vary significantly across the Williston Basin due
to the difference in source rock maturity. In order to investigate the miscible gas injection
outcomes in the Elm Coulee Field, specific reservoir fluid samples need to be obtained from
27
the area of interest. For this study, the Bakken reservoir fluid was collected from a well in
location T23N R58E SEC19 from the Elm Coulee Field. Different PVT tests were performed,
results are listed as follows, and the PVT data are the major inputs for following EOS
modeling and tuning.
Figure 3.8 provides the reservoir fluid composition in molar fractions; separator gas was
evaluated as potential injection gas as well. The separator gas composition from the Elm
Coulee Field is tabulated in Table 3.4. Table 3.5 displays the constant composition expansion
data; Table 3.6 and Table 3.7 display the differential liberation and fluid viscosity data,
respectively.
Figure 3.8: Bakken reservoir fluid composition, Elm Coulee Field, Montana.
Table 3.4: Separator gas composition in the Elm Coulee Field.
Component Molar Fraction
CH4 and N2 0.55
C2 and C3 0.38
C3+ 0.07
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5013 0.954553 - 0.7030
4513 0.959360 - 0.6994
4013 0.964464 - 0.6957
3513 0.969930 - 0.6918
3013 0.975894 - 0.6876
2513 0.982704 - 0.6828
2013 0.990893 - 0.6772
1564 1.000000 - 0.6710
1518 1.014530 2.0859 -
1473 1.030016 2.0585 -
1439 1.042633 2.0378 -
1375 1.068777 1.9989 -
1293 1.107557 1.9490 -
1182 1.171808 1.8814 -
1093 1.235880 1.8273 -
1019 1.300163 1.7822 -
900 1.431609 1.7098 -
812 1.559320 1.6562 -
682 1.820284 1.5771 -
523 2.345158 1.4804 -
472 2.597086 1.4493 -
427 2.873647 1.4219 -
398 3.087431 1.4043 -
[1] Volume at indicated pressure per volume at saturation pressure
[2] Y Function = ((Psat - P)/P)/(Relative Volume -1)
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5013 0.7030 1.4102 576
4513 0.6994 1.4173 576
4013 0.6957 1.4248 576
3513 0.6918 1.4329 576
3013 0.6876 1.4417 576
2513 0.6828 1.4518 576
2013 0.6772 1.4639 576
1564 0.6710 1.4773 576
1313 0.6757 1.4486 502
1113 0.6789 1.4249 442
913 0.6837 1.3990 378
713 0.6899 1.3694 318
513 0.6974 1.3354 253
313 0.7092 1.2860 180
179 0.7211 1.2360 117
13 0.7723 1.0694 0
Density of Residual Oil = 0.8334 g/cc @ 60 oF
API Gravity of Residual Oil = 4.5
[1] Barrel of oil at indicated pressure and temperature per barrel of residual oil @ 60 oF
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5013 0.381 - -
4013 0.361 - -
3013 0.341 - -
2513 0.331 - -
2013 0.321 - -
1564 0.312 - -
1313 0.325 0.01560 20.84
1113 0.339 0.01504 22.53
913 0.360 0.01455 24.72
713 0.384 0.01400 27.40
513 0.419 0.01342 31.22
313 0.461 0.01256 36.73
179 0.514 0.01162 44.22
13 0.739 0.00926 79.77
3.2.2 EOS Modeling and Tuning
Reservoir fluid properties need to be mathematically expressed for reservoir simulations.
A common practice is to use Equation-Of-State (EOS) to describe reservoir fluid properties
and reservoir phase behaviors. In this study, Peng-Robinson EOS was used to model fluid
properties and phase behaviors. The mathematical expression of Peng-Robinson cubic EOS






v(v + b) + b(v − b)
(3.1)
where:
p = pressure, psia
R = gas constant, ft
3∗psia
oR∗lb−mole
T = temperature, oR
v = specific volume, ft
mole
a = attraction parameter
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b = repulsion parameter
The attraction parameter a, and the repulsion parameter b, are defined at critical points
















At points other than critical points, a and b could be calculated from Equations 3.4, 3.5,
and 3.6.
b(T ) = b(Tc) (3.4)
a(T ) = b(Tc) ∗ α(Tr, ω) (3.5)
α(Tr, ω) = 1 + (0.37464 + 1.54226ω − 0.26992ω2)(1− T 0.5r ) (3.6)
The acentric factor ω in Equation 3.6 is defined for each pure component, just like Tc
and pc.












a(T )ij = (1− δij)[a(T )ia(T )j] (3.9)
where:
δij = binary interaction coefficients
The binary interaction coefficients in Equation 3.9 are assumed to be independent of
pressure and temperature.
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EOS model has been widely used to describe reservoir fluid properties and phase be-
haviors. However, a proper tuning of EOS model is required for reservoir fluid property
modeling. The purpose of EOS tuning is to match EOS model with PVT experimental data
for a specific reservoir liquid.
EOS tuning could be achieved by adjusting EOS model parameters to match with experi-
mental data. Ωa, Ωb, ω, molecular weights of the plus fraction, volume shift parameters, and
binary interaction coefficients are commonly used as tuning parameters for Peng-Robinson
EOS model. However, there is no clear-cut procedure to choose tuning parameters and per-
form EOS tuning steps. EOS tuning requires expertise and the solution is not unique (Liu,
1999).
Naturally, computing time increases with increasing number of simulating components.
There are thousands of individual components in hydrocarbon reservoir fluids, so it is im-
practical to model each one of components in a flow simulator. Before performing EOS
tuning, grouping all reservoir fluid components into a few pseudo-components could greatly
reduce computing time. This step is termed as components lumping.
3.3 Fluid Components Lumping and EOS Modeling Results
Reservoir fluid components lumping and EOS modeling and tuning results are described
in this section.
3.3.1 Components Lumping
The detailed fluids composition is displayed in Figure 3.8. Compositional simulation
could be extremely time-consuming and costly due to the large number of components.
Therefore, pseudo-components are commonly used instead. For this study, six pseudo-
components lumping scheme was applied, and the fraction of lumped pseudo-components
are displayed in Figure 3.9. Because this study is focused on miscible CO2 injection, CO2 is
grouped as a single component.
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Figure 3.9: Pseudo-components for the Bakken reservoir fluid in the Elm Coulee Field.
3.3.2 EOS Modeling and Tuning Results
Constant composition expansion (CCE) and differential liberation (DL) tests of the
Bakken reservoir fluid in the Elm Coulee Field were done by Hycal Energy Research Lab-
oratories Ltd, Calgary, Canada. For this study, Ωa and Ωb in Peng-Robinson EOS are the
parameters used for EOS tuning. Gas-oil ratio, oil formation volume factor, relative oil
volume, and oil viscosity are different experimental PVT data for EOS tuning. The exper-
imental PVT data, modeled PVT data before EOS tuning, and modeled PVT data after
EOS turning are displayed in Figure 3.10. The tuning parameter values before and after the
regression are tabulated in Table 3.8. The tuning process is a trial-and-error process, and the
matching is achieved by continuous adjusting tuning parameters and performing regressions
using CMG WinProp.
As shown in those figures, different hydrocarbon properties are matching with experi-




Figure 3.10: EOS Tuning.
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Table 3.8: Tuning parameters before and after regression.
Components
Initial Values Values After Regression
Ωa Ωb Ωa Ωb
CO2 0.4572 0.0778 0.4572 0.0778
CH4 and N2 0.4572 0.0778 0.4062 0.0618
C2 to C3 0.4572 0.0778 0.5311 0.1031
C4 to C7 0.4572 0.0778 0.7513 0.0683
C8 to C11 0.4572 0.0778 0.5067 0.1000
C12+ 0.4572 0.0778 0.2927 0.0570
3.4 Reservoir Simulation Methods
Reservoir simulation is a common way to match production history or/and to predict
future production of a reservoir. In this MS thesis study, two kinds of reservoir simulation
methods were used for gas injection simulations: compositional model, and Todd-Longstaff
solvent model, which is an extension of black-oil model.
3.4.1 Compositional Model
Many reservoir simulations are based on black-oil model; black-oil models describe reser-
voir fluid properties as a function of temperature and pressure. For many conventional
recovery techniques of common black oil, including primary recovery technique and water
flooding, black oil model might be sufficient to simulate field production. However, for some
of the EOR operations, such as miscible gas injection, black oil model might not be sufficient
to model fluid property changes because the fluid properties change not only as a function
of temperature and pressure but also as a function of composition of reservoir fluids.
In addition to miscible gas injection EOR, reservoir simulations for volatile oil and gas
condensate production and reservoir simulations for gas cycling and new fluid injection also
require compositional model due to the reservoir fluid composition variation during produc-
tion.
EOS based compositional simulation method is one of most widely used compositional
simulation methods. EOS model is used to describe reservoir fluid phase behavior in math-
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ematical format. An EOS model requires several key parameters for each component, and
those parameters include critical pressure, critical temperature, and acentric factor, et al. It
is very impractical to include each of the reservoir components in the compositional model.
First, it is extremely difficult to quantify the molar fractions of each component; second, it
could take very long time for a single compositional simulation run due to the overwhelming
computational complexity. Therefore, reservoir fluid components are normally grouped into
a few pseudo-components to ease simulation burden.
To properly implement EOS based compositional simulations, EOS modeling and tuning
introduced in previous section are needed.
3.4.2 Todd-Longstaff Solvent Model
As discussed, black oil models are not sufficient to model miscible gas injection, and
compositional models seem like a good option, but they are more complex and expensive to
implement.
Another simulation method for predicting miscible gas injection performance was devel-
oped by Todd and Longstaff in 1972. In this model, gas and oil in reservoir are represented as
three-pseudo components: black oil, solution gas, and injected solvent (Todd and Longstaff,
1972).
Equations 3.10, 3.11, and 3.12 are the traditional superficial velocities for water, oil, and












(∇pg − ρgg∇D) (3.12)
where:
uw, uo, ug are the superficial velocities of water, oil and gas.
k is the permeability.
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krw, kro, krg are the relative permeabilities of water, oil and gas.
µw, µo, µg are the viscosity of water, oil and gas.
pw, po, pg are the pressures of water, oil and gas.
ρw, ρo, ρg are the densities of water, oil and gas.
In order to simulate solvent injection process, a 4thcomponent is needed, and it is the
solvent component; normally, the solvent component is miscible with either oil component or
gas component, but not with water component. The schematic display of solvent displacing
oil is shown in Figure 3.11. If the grid block is very small compared to the rate of dispersion
of oil and solvent, the components are considered completely mixed; if the grid block is very
big compared to the rate of the dispersion of oil and solvent, the components are therefore
considered as the pure components without any mixing.
Figure 3.11: Solvent displacing oil schematic in a grid block (Todd and Longstaff, 1972).
However, in reality, partial mixing between components is expected, and a mixing factor
ω is used to quantify this partial mixing effect. It is suggested that 0.5 < ω < 0.8 is an
appropriate mixing factor range for reservoir simulation. The mixing factor value is 0.5 for
most of the simulation cases in this study; for some of the cases, different mixing factors are
used for comparison.
The formulations for relative permeability calculation of the oil, gas and solvent are
displayed in Equations 3.13 and 3.14. Equation 3.15 gives the total hydrocarbon or total
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Sn = So + Sg + Ss (3.15)
where:
So, Ss, Sg are the saturations of oil, solvent, and gas.
Sn is the total hydrocarbon/non-wetting-phase saturation.
kro is the relative permeability of oil.
krgt is the total relative permeability of the gas and solvent.
krn(Sn) is the relative permeability of hydrocarbon to water, and it is a function of the
total non-wetting phase saturation Sn.

















µo, µs, µg are the viscosities of oil, solvent, and gas.
µmos is the fully mixed viscosity of oil and solvent.
µmsg is the fully mixed viscosity of solvent and gas.
µm is the fully mixed viscosity of oil, gas and solvent.
ω is the Todd-Longstaff mixing parameter.
The effective density for oil and gas are expressed in Equations 3.19, 3.20, 3.21 and 3.22.
ρoe = (1− ω)ρo + ωρm (3.19)
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ρge = (1− ω)ρg + ωρm (3.20)












ρo, ρs, ρg are the densities of oil, solvent, and gas.
ρm is the fully mixed density of oil, solvent and gas.
For miscible gas injection, Minimum Miscibility Pressure (MMP) is a critical parameter.
It could be determined by slim-tube test, and it is suggested that MMP of the Bakken crude
in the Elm Coulee Field for CO2 is close to 3,000 psi (Shoaib and Hoffman, 2009). In this
study, MMP for CO2 and separator gas is 3,000 psi; MMP for lean gas (mainly methane)
is much higher, it is a function of methane content (Boersma and Hagoort, 1994), and the
value is 5,000 psi for this study. For compositional modeling, the MMP does not have to be
specified because the component fluid properties are defined and used to determine phase




Once the fluid models were obtained, a number of reservoir simulations were executed
with either the CMG IMEX Module (black-oil model/Todd-Longstaff solvent model) or the
CMG GEM Module (composition model).
For primary recovery cases, the reservoir models were simulated for 30 years, namely
from December 31st, 2004 to December 31st, 2034. For primary recovery followed by EOR
cases, primary depletion recovery was simulated for the first five years (from December 31st,
2004 to December 31st, 2009), EOR was applied from December 31st, 2009, to December
31st, 2034.
Production wells (P001 and P002) were under constant bottom-hole pressure (BHP)
control, and the BHP was held constant at 2,500 psi; however, for the injection well (I001),
two control constrains were applied: 1) maximum BHP was 7,000 psi; 2) maximum solvent
or gas injection rate was 5,000 MSCF/day.
This section integrates reservoir simulation results based on two different fluid models
(black-oil model/Todd-Longstaff solvent model and composition model) and six different
static reservoir models (Reservoir Model #1, #2, #3, #4, #5 and #6). A summary of the
reservoir simulation results is provided at the end of this chapter.
4.1 Primary Recovery Cases
The first part of this section compares reservoir simulation results for the primary recovery
cases based on two different fluid models (the black-oil model and the composition model).
The first two figures (Figure 4.1 and Figure 4.2) are comparisons between black-oil model
simulation results and compositional model simulation results for Reservoir Model #1 and
#2, respectively.
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Reservoir Model #1 honors rock property heterogeneity in the vertical direction for the
Middle Bakken Member, and Reservoir Model #2 has uniform rock properties in the vertical
direction for the Middle Bakken Member. For each static reservoir model, the black-oil model
and the compositional model yielded similar results, around 7.8% oil recovery in five years
and around 12% oil recovery in 30 years. As shown in Figures, primary recovery methods in
tight oil reservoirs have very steep production decline curves, and the oil production rate is
significantly lower than the initial production rate after five years of production.
Figure 4.1: Oil production rate and cumulative recovery factor comparisons between black-oil
model and compositional model for Reservoir Model #1 primary recovery case.
This section also compares reservoir simulation results for the primary recovery cases
based on different static reservoir models. Compared to the base model (Reservoir Model
#1), Reservoir Model #4 is doubled in hydraulic fracture conductivity, Reservoir Model #5
is doubled in SRV (stimulated reservoir volume) permeability, and Reservoir Model #6 is
doubled in USRV (unstimulated reservoir volume) permeability. Figure 4.3 indicates that
neither higher hydraulic fracture conductivity nor higher SRV permeability has a big effect
on ultimate oil recovery based on primary recovery methods; there is some acceleration in
recovery due to high permeability values. High USRV permeability has a much bigger effect
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Figure 4.2: Oil production rate and cumulative recovery factor comparisons between black-oil
model and compositional model for Reservoir Model #2 primary recovery case.
on oil recovery especially during the first 20 years, meaning that USRV permeability is one
of the important factors for oil recovery based on primary recovery methods.
The simulation results discussed are summarized in Table 4.1. Primary recovery for
Reservoir Model #4 was simulated with black-oil model, giving an 8.11% oil recovery factor
in five years and an 11.94% oil recovery factor in 30 years; primary recovery for Reservoir
Model #5 was simulated with black-oil model, giving an 8.09% oil recovery factor in five
years and an 11.96% oil recovery factor in 30 years; primary recovery for Reservoir Model
#6 was simulated with black-oil model, giving an 8.79% oil recovery factor in five years and
a 12.19% oil recovery factor in 30 years.
In 30 years, all reservoir simulations gave very similar overall oil recovery factors. In
the first five years, only Reservoir Model #6 yielded a significant higher oil recovery factor
than other models, and this explains why sweet spots of many unconventional tight oil
plays associate with better rock properties and/or high natural fracture density, because the
original formation permeability is a key parameter for oil production in those plays.
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Figure 4.3: Cumulative primary recovery factor comparison between Reservoir Model #1,
#4, #5 and #6 based on black-oil/solvent model simulation.
Table 4.1: Simulation results summary for different fluid model primary recovery cases (PR:










C PR 7.64% 12.01%
B PR 7.74% 11.89%
Reservoir Model #2
C PR 7.64% 12.01%
B PR 7.74% 11.89%
Reservoir Model #3
C PR 7.79% 12.09%
B PR 7.90% 11.96%
Reservoir Model #4 B PR 8.11% 11.94%
Reservoir Model #5 B PR 8.09% 11.96%
Reservoir Model #6 B PR 8.79% 12.19%
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4.2 Different Fluid Models for CO2 Injection Cases
This section compares reservoir simulation results for CO2 injection cases based on two
different fluid models (the Todd-Longstaff solvent model and the composition model). Two
static reservoir models (Reservoir Model #1 and Reservoir Model #2) are used in this section;
for each static reservoir model, reservoir simulation results based on different fluid models
are plotted together.
Solvent model simulation and compositional model simulation results of CO2 injection
based on Reservoir Model #1 are plotted in Figure 4.4 and Figure 4.5, respectively. Three
different mixing factor values (ω = 0.5, 0.6 or 0.7) were used for the Todd-Longstaff solvent
model simulations. As shown in Figure 4.4 and Figure 4.5, the oil production profiles and
overall oil recovery factors based on different mixing factors are similar; however, the higher
the mixing factor, the higher the oil production rate and overall oil recovery factor at the
same time point. The compositional model simulation of CO2 injection gave lower production
compared to solvent model simulations.
Figure 4.4: Oil production rate comparison between solvent model and compositional model
for Reservoir Model #1 CO2 injection cases.
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Figure 4.5: Oil recovery rate comparison between solvent model and compositional model
for Reservoir Model #1 CO2 injection cases.
For Reservoir Model #2, compositional model simulation of CO2 injection also gave lower
production outcomes compared to solvent model simulations (Figure 4.6 and Figure 4.7).
Although the difference is small, around 3% recovery, the reason that compositional
model simulations gave lower oil production outcomes for CO2 injection is not well under-
stood. By plotting average reservoir pressures for both the solvent model simulation and the
compositional model simulation (Figure 4.8 and Figure 4.9), the difference in oil production
between the solvent model and the compositional model could be correlated with the dif-
ference in average reservoir pressure. For the first five years (primary recovery stage), the
average reservoir pressure drop for the solvent model is bigger than that for the compositional
model.
The solvent model simulation and the compositional model simulation yielded different
production outcomes and different average reservoir pressures; however, it is not known
which is closer to reality. For preliminary evaluation of the gas injection in the Bakken
Formation, both models could provide some useful information.
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Figure 4.6: Oil production rate comparison between solvent model and compositional model
for Reservoir Model #2 CO2 injection cases.
Figure 4.7: Oil recovery rate comparison between solvent model and compositional model
for Reservoir Model #2 CO2 injection cases.
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For compositional simulations, numerical dispersion is a big problem, and the problem has
a strong correlation with grid size (Camy and Emanuel, 1977). Compositional simulators
based on the finite difference method are very sensitive to reservoir grid size; the Todd-
Longstaff solvent model simulation is a way to reduce this numerical dispersion effect for
CO2 injection simulations.
Figure 4.8: Average reservoir pressure comparison between solvent model and compositional
model simulations for Reservoir Model #1 CO2 injection cases.
For Reservoir Model #1, oil recovery factors are plotted against injected CO2 in hy-
drocarbon pore volume (HCPV) for both the solvent model and the compositional model
Figure 4.10. Two curves are tracking with each other, but the smaller cumulative injected
CO2 volume for the compositional simulation resulted in a smaller overall oil recovery factor.
The simulation results discussed in this section are summarized in Table 4.2 along with
corresponding cases without gas injection. As discussed this previous section, primary recov-
ery factors derived from Reservoir Model #1 and #2 are close; however, for CO2 injection
cases, these two static reservoir models (Reservoir Model #1 and #2) resulted in differences,
which will be discussed in the next section.
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Figure 4.9: Average reservoir pressure comparison between solvent model and compositional
model simulations for Reservoir Model #2 CO2 injection cases.
Figure 4.10: Oil recovery factor vs. injected CO2 in HCPV for Reservoir Model #1 CO2
injection cases.
49
Table 4.2: Reservoir simulation summary for different fluid models (PR: Primary Recovery; RF: Recovery Factor; BT: Break-
























C PR NA 7.64% 12.01% - - - -
B PR NA 7.74% 11.89% - - - -
C GI CO2 - 24.40% 12.39% 2.89E+9 - -
S GI CO2 - 27.43% 15.54% 3.88E+9 1.72E+9 2.46
Reservoir
Model #2
C PR NA 7.64% 12.01% - - - -
B PR NA 7.74% 11.89% - - - -
C GI CO2 - 23.66% 11.65% 2.36E+9 - -
S GI CO2 - 26.29% 14.40% 3.13E+9 8.80E+8 4.12
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4.3 Reservoir Property Heterogeneity in the Vertical Direction
This section discusses the effect of reservoir property heterogeneity in vertical direction
on the reservoir simulation outcomes. Two static reservoir models (Reservoir Model #1 and
#2) are compared in this section.
As explained in Chapter 3, Reservoir Model #1 honors the rock property difference for
different lithofacies in the Middle Bakken Member, while the four layers (Layer 3 through
6) representing the Middle Bakken Member for Reservoir Model #2 have the identical rock
properties.
As shown in Figure 4.11, a higher but similar overall oil recovery factor was observed for
Reservoir Model #1 compared to Reservoir Model #2 based on the same injection scheme
and fluid model. This observation could be explained in that Reservoir Model #1 has a
high permeability layer (Layer 4) which makes injecting CO2 into the tight formation easier;
Figure 4.12 indicates that cumulative injected CO2 volume for Reservoir Model #1 is much
greater than that for Reservoir Model #2. Because of the presence of the high permeability
layer in Reservoir Model #1, the gas breakthrough time is much shorter for Reservoir Model
#1 (2.46 years) than for Reservoir Model #2 (4.12 years), as shown in Figure 4.12.
In order to show the difference between Model #1 and #2 in terms of CO2 saturation
distribution, three cross-section cuts were selected (Figure 4.13). All the three cross-section
cuts are along the hydraulic fracture direction. Cut 1 passes through grids representing
hydraulic fractures, Cut 3 cuts through SRV, and Cut 2 is between Cut 1 and 2. Two time
spots were chosen: three years after initial CO2 injection and 25 years after initial CO2
injection. For Reservoir Model #1, after three years of continuous CO2 injection , CO2 has
broken through, but the CO2 saturations in Cut 3 cross-section view are very small because
those grid blocks are distance away from the hydraulic fractures (Figure 4.14). After three
years of CO2 injection (Figure 4.14), CO2 has yet to break through in Model #2. After
25 years of continuous CO2 injection (Figure 4.15), all three cross-section views for both
Model #1 and #2 show significant CO2 saturations; the CO2 saturations are high in the
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Figure 4.11: Oil production rate and overall oil recovery factor comparisons between Reser-
voir Model #1 and #2 for continuous CO2 injection cases.
Figure 4.12: Cumulative injected CO2 and CO2 production rate comparisons between Reser-
voir Model #1 and #2 for continuous CO2 injection cases.
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upper layers around production wells because CO2 is ligher than formation oil and water,
and gravity helps CO2 to migrate upwards.
Figure 4.13: Three cross-sectional cuts locations (the cross-sections are along the hydraulic
fracture orientation).
CO2 injection summary and EOR efficiency are tabulated in Table 4.3 and Table 4.4.
Injected gas/improved oil production ratios are used as a gas injection EOR efficiency
indicator in this study. For Reservoir Model #1, each one STB of improved oil production
needs 6.37 MSCF of injected CO2 for 25 years of continuous CO2 injection, while each one
STB of improved oil production needs 5.52 MSCF of injected CO2 for Reservoir Model
#2. Although Reservoir Model #1 and #2 have the same average rock properties, the
high permeability layer (Layer 4) in Reservoir Model #1 makes Reservoir Model #1 easier
to inject CO2 and easier for CO2 to break through, resulting in lower sweeping efficiency
compared to Reservoir Model #2.
Vertical heterogeneity in permeability and porosity does make a difference in terms of
overall oil recovery factor, amount of gas injected, gas production, breakthrough time, and
EOR efficiency. Because the Middle Bakken Member does have the vertical heterogene-
ity in permeability and porosity, it’s important to honor this feature in order to make an
appropriate reservoir simulation and make reservoir management plans.
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Figure 4.14: CO2 saturation distribution comparisons between Reservoir Model #1 and #2 after three years of continuous CO2
injection.
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Figure 4.15: CO2 saturation distribution comparisons between Reservoir Model #1 and #2 after 25 years of continuous CO2
injection.
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Table 4.3: Reservoir simulation summary for vertical heterogeneity study (1) (PR: Primary Recovery; RF: Recovery Factor;





















B PR NA 7.74% 11.89% - - -
S GI CO2 - 27.43% 15.54% 1.72E+9 2.46
Reservoir
Model #2
B PR NA 7.74% 11.89% - - -
S GI CO2 - 26.29% 14.40% 8.80E+8 4.12
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Table 4.4: Reservoir simulation summary for vertical heterogeneity study (2) (PR: Primary Recovery; RF: Recovery Factor; B:





















B PR NA - - - -
S GI CO2 15.54% 6.11E+5 3.88E+9 6.37
Reservoir
Model #2
B PR NA - - - -
S GI CO2 14.40% 5.66E+5 3.13E+9 5.52
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4.4 Long Hydraulic Fracture Effect on Reservoir Simulation
Reservoir Model #3 has a long hydraulic fracture compared to Reservoir Model #1; in
this section, Reservor Model #3 and #1 are compared in order to quantify the long hydraulic
fracture effect on reservoir simulations. Gas breakthrough time is an important parameter
for gas injection EOR projects. Gas breakthrough time could indicate gas sweeping effi-
ciency; a short gas breakthrough time could suggest that injected gas might have bypassed
large reservoir volumes resulting in less effective sweeping. In addition, it is also important
for surface gas-processing facility planning and management, and gas-processing is one of
the biggest costs for gas injection projects along with gas purchasing, delivering and field op-
eration costs; therefore, appropriate prediction of gas breakthrough time and gas production
rate is critical.
As shown in Figure 4.16, the overall oil recovery factor observed for Reservoir Model
#1 (27.43% in 30 years) is similar to Reservoir Model #3 (27.71% in 30 years). However,
for Reservoir Model #3, CO2 is easier to be injected and gas breakthrough is much earlier
than for Reservoir model #1, as shown in Figure 4.17. The gas breakthrough time is around
60 days (0.17 years) for Reservoir Model #3 compared to around 900 days (2.46 years) for
Reservoir Model #1; the injected CO2 is 4.28 BSCF for Reservoir Model #3 compared to
3.88 BSCF for Reservoir Model #1.
CO2 injection summary and EOR efficiency are tabulated in Table 4.5 and Table 4.6.
Two models are very similar in terms of improved oil recovery factor; however, more CO2 is
injected for Reservoir Model #3 compared to Reservoir Model #1. For Reservoir Model #3,
each one STB of improved oil production needs 6.90 MSCF of injected CO2, while each one
STB of improved oil production needs 6.37 MSCF of injected CO2 for Reservoir Model #1;
higher injected gas/improved oil production ratio means lower efficiency and higher cost.
Hydraulic stimulation is an essential part for the Bakken development; however, how to
characterize hydraulic fractures and how to incorporate them into reservoir modeling and
simulation are very important.
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Figure 4.16: Oil production rate and overall oil recovery factor comparisons between Reser-
voir Model #1 and #3 for continuous CO2 injection cases.
Figure 4.17: Cumulative injected CO2 andn CO2 production rate comparisons between
Reservoir Model #1 and #3 for continuous CO2 injection cases.
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Table 4.5: Reservoir simulation summary for long fracture analysis (1) (PR: Primary Recovery; RF: Recovery Factor; BT:





















B PR NA 7.74% 11.89% - - -
S GI CO2 - 27.43% 15.54% 1.72E+9 2.46
Reservoir
Model #3
B PR NA 7.90% 11.96% - - -
S GI CO2 - 27.71% 15.75% 2.20E+9 0.17
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Table 4.6: Reservoir simulation summary for long fracture analysis (2) (PR: Primary Recovery; RF: Recovery Factor; B:





















B PR NA - - - -
S GI CO2 15.54% 6.11E+5 3.88E+9 6.37
Reservoir
Model #3
B PR NA - - - -
S GI CO2 15.75% 6.19E+5 4.28E+9 6.90
61
4.5 Different Injection Schemes Study
For Reservoir Model #3, the gas breakthrough time is very short, around 60 days (0.17
years in Table 4.5), due to the presence of the long hydraulic fracture. Because early gas
breakthrough could cause extra cost for the EOR projects, many methods are used to ease gas
breakthrough and large solvent production issues. A WAG (water-alternating-gas) injection
scheme is a common way to slow down the movement of low viscosity solvent in the formation,
to reduce solvent production from wells, and to improve solvent sweeping efficiency.
In this section, different WAG schemes are analyzed and compared to the continuous
CO2 injection scheme. Because the formation has very low permeability, water can only be
injected at a very low rate in this study, and five barrels of water per day is the injection
rate. The first WAG scheme is one month of CO2 injection alternating one month of wa-
ter injection, and the overall oil recovery factor is displayed in Figure 4.18. Compared to
continuous CO2 injection oil recovery factor (27.71%), the WAG injection scheme yielded a
lower overall oil recovery factor (23.81%).
The low oil recovery factor could be explained that half of the operation time is used
for water injection and the water injection rate is very low (5 BPD), resulting in a much
lower overall injected CO2 volume (2.27 BSCF), compared to continuous gas injection (4.28
BSCF) (Figure 4.19). The CO2 production rate is also much lower than the continuous CO2
injection scheme (Figure 4.19); however, the gas breakthrough time hardly changes at all.
In order to improve the oil recovery, another WAG scheme with longer CO2 injection
interval was simulated. This WAG scheme is two months of CO2 injection alternating one
month of water injection. Overall oil recovery factor (25.96%) improves (Figure 4.18); how-
ever, more CO2 (3.06 BSCF) is injected and more CO2 is produced from wells (Figure 4.19).
Since the water injection rate is very low due to the low permeability. Different injection
schemes were simulated. Instead of injecting water for WAG schemes, the injection well is
shut in for the same period of time. The first new scheme is one month of CO2 injection
alternating one month of injection well shut-in, and the second one is two month of CO2
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Figure 4.18: Oil production rate and overall oil recovery factor comparisons between two
WAG schemes and the continuous CO2 injection scheme for Reservoir Model #3.
Figure 4.19: Cumulative injected CO2 and CO2 production rate comparisons between two
WAG schemes and the continuous CO2 injection scheme for Reservoir Model #3.
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injection alternating one month of injection well shut-in. The benefits are: (1) shut-in
period allows the formation soaked with injected CO2 and helps CO2 to migrate into tight
formations; (2) the shut-in time could reduce operation cost and could be used for surface
facility maintenance. The comparisons between WAG schemes and injection-alternating-
shut-in schemes are shown in Figure 4.20 and Figure 4.21.
Figure 4.20: Oil production rate and overall oil recovery factor comparisons between WAG
injection schemes with CO2 injection alternating shut-in schemes for Reservoir Model #3.
Simulation results for this section are summarized in Table 4.7 and Table 4.8. Among
all cases, continuous CO2 injection yielded the highest recovery factor (27.71%) in 30 years;
however this injection scheme resulted in the highest injected solvent (4.28 BSCF) and high-
est produced solvent (2.20 BSCF) as well. The injected gas/improved oil production ratio
(6.90 MSCF/STB) is also the highest. Solvent could be recycled; however, gas processing
and recycling are expensive.
Compared to the continuous CO2 injection scheme, WAG schemes yielded lower recovery
factors (23.81% and 25.96%); however, the injected solvent volumes (2.27 BSCF and 3.06
BSCF) and produced solvent volumes (0.74 BSCF and 1.25 BSCF) are lower, and injected
gas/improved oil production ratios (4.88 MSCF/STB and 5.56 MSCF/STB) are lower as
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Figure 4.21: Cumulative injected CO2 and CO2 production rate comparisons between WAG
injection schemes with CO2 injection alternating shut-in schemes for Reservoir Model #3.
well.
Compared to WAG schemes, injection-alternating-shut-in schemes have slightly lower
but similar recovery factors (22.98% and 25.26%), the injected solvent volumes (2.27 BSCF
and 3.06 BSCF) are identical, produced solvent volumes (0.84 BSCF and 1.34 BSCF) are
slightly higher, and injected gas/improved oil production ratios (5.24 MSCF/STB and 5.85
MSCF/STB) are higher as well. Overall, the performance is slightly worse than WAG
schemes; however, injection-alternating-shut-in schemes could have lower operation cost com-
pared to WAG schemes.
Maximizing oil recovery is not the goal for EOR projects, while maximizing economic
benefit under certain economic conditions is the ultimate goal for any project. Gas purchas-
ing, gas processing and recycling, field operation costs need to be integrated into the overall
gas injection EOR project planning and management.
65
Table 4.7: Reservoir simulation summary for different injection schemes (1) (PR: Primary Recovery; RF: Recovery Factor;
BT: Break-Through; B: Black-Oil Model; S: Todd-Longstaff Solvent Model; CO2(2) + Water(1) : two month of CO2 injection
alternating one month of water injection; CO2(2) + Shut-in(1) : two month of CO2 injection alternating one month of well





















B PR NA 7.90% 11.96% - - -
S GI CO2 - 27.71% 15.75% 2.20E+9 0.17
S WAG CO2(1) + Water(1) - 23.81% 11.85% 0.74E+9 0.18
S WAG CO2(2) + Water(1) - 25.96% 14.00% 1.25E+9 0.17
S IAS CO2(1) + Shut-in(1) - 22.98% 11.02% 0.84E+9 0.18
S IAS CO2(2) + Shut-in(1) - 25.26% 13.30% 1.34E+9 0.17
66
Table 4.8: Reservoir simulation summary for different injection schemes (2) (PR: Primary Recovery; RF: Recovery Factor; B:
Black-Oil Model; S: Todd-Longstaff Solvent Model; CO2(2) + Water(1) : two month of CO2 injection alternating one month of
water injection; CO2(2) + Shut-in(1) : two month of CO2 injection alternating one month of well shut-in; GI: Continuous Gas





















B PR NA - - - -
S GI CO2 15.75% 6.19E+5 4.28E+9 6.90
S WAG CO2(1) + Water(1) 11.85% 4.66E+5 2.27E+9 4.88
S WAG CO2(2) + Water(1) 14.00% 5.51E+5 3.06E+9 5.56
S IAS CO2(1) + Shut-in(1) 11.02% 4.33E+5 2.27E+9 5.24
S IAS CO2(2) + Shut-in(1) 13.30% 5.23E+5 3.06E+9 5.85
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4.6 Permeability Sensitivity Analysis
This part analyzes how different permeability values could influence reservoir simulation
outcomes. The purpose is that the Bakken Formation has different rock properties in dif-
ferent parts of the basin. Therefore, it is critical to evaluate whether changes in reservoir
permeability have a significant impact on the gas injection EOR projects. In addition, dif-
ferent stimulation treatments could result in different hydraulic fracture conductivities and
could also cause permeability difference in SRV; how those differences impact on gas injection
EOR outcomes is important for project planning and management.
Reservoir Model #1 is the base static reservoir model, Reservoir Model #4 is doubled
in hydraulic fracture conductivity, Reservoir Model #5 is doubled in SRV permeability, and
Reservoir Model #6 is doubled in USRV (unstimulated reservoir volumes) permeability.
Injection conditions and injection schemes (continuous CO2 injection) held the same, and
the reservoir models were simulated with the Todd-Longstaff solvent model (ω = 0.5). Oil
production rates and overall oil recovery factors are plotted in Figure 4.22. Compared to
the base model (Reservoir Model #1), Reservoir Model #6 generated the best improved oil
recovery, while Reservoir Model #4 and #5 only possess marginal improvements in terms of
overall oil recovery. Reservoir Model #4 and #5 have very similar production patterns and
similar ultimate oil recovery factors.
Figure 4.23 indicates that Reservoir Model #6 (high USRV permeability) is the easiest
model to inject CO2 and the CO2 production from wells is also the highest most of the time,
meaning original reservoir permeability is the dominant factor for CO2 injection EOR in the
Bakken. Therefore, original rock properties are not only important for primary depletion
recovery, but also critical for CO2 injection EOR.
Simulation results for this section are summarized in Table 4.9 and Table 4.10.
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Figure 4.22: Oil production rate and overall oil recovery factor comparisons between different
reservoir models (#1, #4, #5, and #6) for continuous CO2 injection cases.
Figure 4.23: Cumulative injected CO2 and CO2 production rate comparisons between dif-
ferent reservoir models (#1, #4, #5, and #6) for continuous CO2 injection cases.
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Table 4.9: Reservoir simulation summary for permeability sensitivity analysis (1) (PR: Primary Recovery; RF: Recovery Factor;





















B PR NA 7.74% 11.89% - - -
S GI CO2 - 27.43% 15.54% 1.72E+9 2.46
Reservoir
Model #4
B PR NA 8.11% 11.94% - - -
S GI CO2 - 28.29% 16.35% 1.93E+9 2.48
Reservoir
Model #5
B PR NA 8.09% 11.96% - - -
S GI CO2 - 28.69% 16.73% 1.89E+8 2.58
Reservoir
Model #6
B PR NA 8.79% 12.19% - - -
S GI CO2 - 32.75% 20.56% 2.39E+9 1.73
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Table 4.10: Reservoir simulation summary for permeability sensitivity analysis (2) (PR: Primary Recovery; RF: Recovery Factor;





















B PR NA - - - -
S GI CO2 15.54% 6.11E+5 3.88E+9 6.37
Reservoir
Model #4
B PR NA - - - -
S GI CO2 16.35% 6.43E+5 4.08E+9 6.33
Reservoir
Model #5
B PR NA - - - -
S GI CO2 16.73% 6.58E+5 4.07E+9 6.17
Reservoir
Model #6
B PR NA - - - -
S GI CO2 20.56% 8.08E+5 4.57E+9 5.65
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4.7 Different Injectants Study
Availability of CO2 is a big problem for potential Bakken CO2 injection projects in the
Elm Coulee Field; however, large volumes of separator gas and lean gas are available in the
oil field due to the lack of gas pipelines.
In this part of study, different injectants (CO2, separator gas and lean gas) are evaluated
based on Reservoir Model #1 gas injection EOR simulations .
The composition of separator gas in the Elm Coulee Field is shown in Table 3.4, and the
lean gas in this study is mainly CH4.
Compared to continuous CO2 injection, continuous separator gas injection has very sim-
ilar or slightly higher oil recovery factor, while continuous lean gas injection yielded the
lowest oil recovery factor in 30 years (Figure 4.24). The overall injected solvent volume and
the solvent production rate are the lowest for separator gas as shown in Figure 4.25.
Figure 4.24: Oil production rate and overall oil recovery factor comparisons between different
injection gases (CO2, separator gas, and lean gas) for Reservoir Model #1.
Simulation results for this section are summarized in Table 4.11 and Table 4.12.
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Figure 4.25: Cumulative injected solvent and solvent production rate comparisons between
different injection gases (CO2, separator gas, and lean gas) for Reservoir Model #1.
For all these cases, separator gas injection generated the best oil recovery factor (27.60%),
and have the lowest injected solvent (3.09 BSCF) and produced solvent volumes (1.29 BSCF),
resulting in the lowest injected gas/improved oil production ratio (5.00 MSCF/STB) com-
pared to CO2 injection and lean gas injection. Even though, the gas breakthrough time (0.64
years) is the shortest for separator gas injection case, the early solvent production rate is
very low as shown in Figure 4.25.
Lean gas injection yielded the lowest oil recovery factor (23.72%) in 30 years, and have
the highest injected gas/improved oil production ratio (6.80 MSCF/STB) compared to CO2
injection and separator gas injection. The poor performance of lean gas could be due to the
relatively high MMP of lean gas compared to CO2 and separator gas.
Based on simulation results in this section, it seems like that separator gas injection is
the best option for gas injection EOR in the Elm Coulee Field; at least, separator gas could
complement CO2 for potential gas injection EOR projects. Even though, lean gas generated
the worst simulation results based on this study, the gas availability and gas price might be
able to change the economic dynamics of the potential gas injection EOR projects.
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Table 4.11: Reservoir simulation summary for different injectants (1) (PR: Primary Recovery; RF: Recovery Factor; BT: Break-






















B PR NA 7.74% 11.89% - - -
S GI CO2 - 27.43% 15.54% 1.72E+9 2.46
S GI SPG - 27.60% 15.71% 1.29E+9 0.64
S GI LG - 23.72% 11.83% 1.47E+9 3.00
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Table 4.12: Reservoir simulation summary for different injectants (2) (PR: Primary Recovery; RF: Recovery Factor; B: Black-Oil





















B PR NA - - - -
S GI CO2 15.54% 6.11E+5 3.88E+9 6.37
S GI SPG 15.71% 6.18E+5 3.09E+9 5.00
S GI LG 11.83% 4.65E+5 3.17E+9 6.80
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4.8 Summary
A summary of reservoir simulation results for this study is shown in Table 4.13.
Reservoir Model #1 honoring reservoir property heterogeneity in the vertical direction
yielded a similar oil recovery factor compared to vertically homogeneous static reservoir
model (Reservoir Model #2); however, Reservoir Model #1 gave a shorter gas breakthrough
time, indicating the importance of reservoir modeling in terms of lithofacies analysis.
Reservoir Model #3 featuring one long hydraulic fracture gave a similar improved oil
recovery factor compared to Reservoir Model #1, but it also generated a much shorter gas
breakthrough time and more solvent production; the study suggests that hydraulic fracture
characterization and modeling are important for gas injection EOR simulations in the Elm
Coulee Field.
Compared to continuous CO2 , WAG and IAS schemes have better injected CO2/improved
oil production ratios, providing better gas production controls. Gas production management
is important for gas injection project planning and management, because gas processing ca-
pability needs to be taken care of.
Compared to CO2 injection, separator gas injection resulted in similar simulation results,
while lean gas injection gave the worst results; and this suggests that miscibility and MMP
are important for gas injection EOR simulations.
Permeability sensitivity analysis suggests that original reservoir permeability is one of
the most important factors for Bakken oil recovery.
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C PR NA 12.01% - - - -
B PR NA 11.89% - - - -
C GI CO2 24.40% 12.39% 2.89E+9 - -
S GI CO2 27.43% 15.54% 3.88E+9 2.46 6.37
C GI SPG 26.32% 14.31% 2.29E+9 - -
S GI SPG 27.60% 15.71% 3.09E+9 0.64 5.00
C GI LG 22.28% 10.27% 2.43E+9 - -
S GI LG 23.72% 11.83% 3.17E+9 3.00 6.80
Reservoir
Model #2
C PR NA 12.01% - - - -
B PR NA 11.89% - - - -
C GI CO2 23.66% 11.65% 2.36E+9 - -
S GI CO2 26.29% 14.40% 3.13E+9 4.12 5.52
Reservoir
Model #3
C PR NA 12.09% - - - -
B PR NA 11.96% - - - -
C GI CO2 24.59% 12.50% 3.35E+9 - -
S GI CO2 27.71% 15.75% 4.28E+9 0.17 6.90
S WAG CO2(1) + Water(1) 23.81% 11.85% 2.27E+9 0.18 4.88
S WAG CO2(2) + Water(1) 25.96% 14.00% 3.06E+9 0.17 5.56
S IAS CO2(1) + Shut-in(1) 22.98% 11.02% 2.27E+9 0.18 5.24
S IAS CO2(2) + Shut-in(1) 25.26% 13.30% 3.06E+9 0.17 5.85
Reservoir
Model #4
B PR NA 11.94% - - - -
S GI CO2 28.29% 16.35% 4.08E+9 2.48 6.33
Reservoir
Model #5
B PR NA 11.96% - - - -
S GI CO2 28.69% 16.73% 4.07E+9 2.58 6.17
Reservoir
Model #6
B PR NA 12.19% - - - -




This chapter presents both the conclusions from this study and some recommendations
for future work based on the limitations of this study.
5.1 Conclusions
The conclusions made from this study are:
 Reservoir rock property heterogeneity in the vertical direction needs to be honored
for Bakken reservoir modeling, because it makes a big difference in terms of solvent
injection, solvent production, and gas breakthrough time.
 Compositional model simulations yield lower ultimate oil recovery factors compared
to corresponding solvent model simulations; the reason might be that compositional
simulation tends to have large numerical dispersion, and small grid size is need to
reduce the effect; however, smaller grid size could drastically increase computing time
for compositional simulations.
 The reservoir model with a long hydraulic fracture gives similar simulation results
compared to reservoir model without the long fracture in terms of ultimate oil recovery
factor; however, gas breakthrough time is much shorter.
 WAG gives lower oil recovery compared to continuous gas injection, but also features
lower injected and produced solvent volumes; which injection scheme is better needs
to be evaluated based on different economic conditions.
 Gas-injection-alternating-shut-in schemes yield similar simulation results compared to
WAG schemes; in addition, the well shut-in period could bring down operation cost
and could be used for facility maintenance as well.
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 Compared to CO2 as the injection gas, separator gas injection has better simulation
outcomes, while lean gas injection is the worst case. Future field development based on
gas injection EOR in Bakken could take both CO2 and separator gas into consideration,
and cost and availability of different gas sources are critical economic conditions for
project planning and management.
 Based on sensitivity analysis of permeability for different reservoir components, original
reservoir permeability is the dominant factor not only for primary depletion recovery
but also for gas injection EOR in Bakken; therefore, gas injection EOR project planning
still needs to consider sweet spots of the play in terms of rock properties.
5.2 Recommendations
Two main recommendations for future work can be made:
 Use dual porosity and dual permeability data: dual porosity and dual permeability
reservoir models would be a better option for naturally fractured reservoir simulations.
Therefore, future work using dual porosity and dual permeability reservoir modeling,
including natural fracture characterization, fracture and matrix relative permeability
characterization should be stressed.
 Use actual well production to calibrate the various reservoir models: history matching
using actual well production data needs to be conducted in order to build more accurate
reservoir models.
For gas injection EOR projects, economic parameters should be taken into account,
including gas purchasing and delivering cost, gas processing and recycling cost, operation cost
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APPENDIX - CMG MODELING CODE EXAMPLE
The example shown here is for Todd-Longstaff solvent model simulation for continuous
CO2 injection based on Reservoir Model #1.
*************************************************************************
RESULTS SIMULATOR IMEX 201210
DIM MDCTAB 18
DIM MAX AQUIFERS 1
***********************NEW RUNSPEC SECTION*************************
TITLE1 ’Solvent ELM COULEE:’
*INUNIT *FIELD
INTERRUPT RESTART-STOP
**$ Distance units: ft
RESULTS XOFFSET 0.0000
RESULTS YOFFSET 0.0000
RESULTS ROTATION 0.0000 **$ (DEGREES)
RESULTS AXES-DIRECTIONS 1.0 -1.0 1.0
**$
*************************************************************************
**$ Definition of fundamental cartesian grid
**$
*************************************************************************
GRID VARI 93 110 8 ** $ the first two layers are inactive
KDIR DOWN DI IVAR
355.74 211.93 126.26 75.22 44.81 26.70 15.90 9.47 5.64 3.36 2.00 1.19 0.71 0.42 0.25 0.74
0.25 0.42 0.71 1.19 2.00 3.36 5.64 9.47 15.90 26.70 44.81 75.22 126.26 211.93 355.74 355.74
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211.93 126.26 75.22 44.81 26.70 15.90 9.47 5.64 3.36 2.00 1.19 0.71 0.42 0.25 0.74 0.25 0.42
0.71 1.19 2.00 3.36 5.64 9.47 15.90 26.70 44.81 75.22 126.26 211.93 355.74 355.74 211.93
126.26 75.22 44.81 26.70 15.90 9.47 5.64 3.36 2.00 1.19 0.71 0.42 0.25 0.74 0.25 0.42 0.71 1.19
2.00 3.36 5.64 9.47 15.90 26.70 44.81 75.22 126.26 211.93 355.74
DJ JVAR 182.92 56.18 17.25 5.30 1.63 1.44 1.63 5.30 17.25 56.18 182.92 182.92 56.18
17.25 5.30 1.63 1.44 1.63 5.30 17.25 56.18 182.92 182.92 56.18 17.25 5.30 1.63 1.44 1.63 5.30
17.25 56.18 182.92 182.92 56.18 17.25 5.30 1.63 1.44 1.63 5.30 17.25 56.18 182.92 182.92 56.18
17.25 5.30 1.63 1.44 1.63 5.30 17.25 56.18 182.92 182.92 56.18 17.25 5.30 1.63 1.44 1.63 5.30
17.25 56.18 182.92 182.92 56.18 17.25 5.30 1.63 1.44 1.63 5.30 17.25 56.18 182.92 182.92 56.18
17.25 5.30 1.63 1.44 1.63 5.30 17.25 56.18 182.92 182.92 56.18 17.25 5.30 1.63 1.44 1.63 5.30
17.25 56.18 182.92 182.92 56.18 17.25 5.30 1.63 1.44 1.63 5.30 17.25 56.18 182.92
DK ALL
** the first two layer are inactive
10230*1 10230*1 10230*4 10230*4 10230*4 10230*4 10230*4 10230*4
DTOP
10230*10000
**$ Property: Porosity Max: 0.075 Min: 0.075
POR
10230*0.055 10230*0.055 10230*0.055 10230*0.055 10230*0.065 10230*0.065 10230*0.045
10230*0.045
**$ Property: NULL Blocks Max: 1 Min: 1
**$ 0 = null block, 1 = active block
*NULL *IJK
1:93 1:110 1:8 1 1:93 1:110 1:2 0
**$ Property: Permeability I (md) Max: 107.825 Min: 0.05




1:93 1:110 3:4 = 0.001
1:93 1:110 5:5 = 0.03
1:93 1:110 6:6 = 0.14
1:93 1:110 7:7 = 0.01
1:93 1:110 8:8 = 0.02
3:29 2:109 3:4 = 0.002
3:29 2:109 5:5 = 0.06
3:29 2:109 6:6 = 0.28
3:29 2:109 7:7 = 0.02
3:29 2:109 8:8 = 0.04
34:60 2:109 3:4 = 0.002
34:60 2:109 5:5 = 0.06
34:60 2:109 6:6 = 0.28
34:60 2:109 7:7 = 0.02
34:60 2:109 8:8 = 0.04
65:91 2:109 3:4 = 0.002
65:91 2:109 5:5 = 0.06
65:91 2:109 6:6 = 0.28
65:91 2:109 7:7 = 0.02
65:91 2:109 8:8 = 0.04
3:29 4:8 3:8 = 1.0
3:29 5:7 3:8 = 5.0
3:29 6:6 3:8 = 16.041
34:60 4:8 3:8 = 1.0
34:60 5:7 3:8 = 5.0
34:60 6:6 3:8 = 16.041
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65:91 4:8 3:8 = 1.0
65:91 5:7 3:8 = 5.0
65:91 6:6 3:8 = 16.041
3:29 15:19 3:8 = 1.0
3:29 16:18 3:8 = 5.0
3:29 17:17 3:8 = 16.041
34:60 15:19 3:8 = 1.0
34:60 16:18 3:8 = 5.0
34:60 17:17 3:8 = 16.041
65:91 15:19 3:8 = 1.0
65:91 16:18 3:8 = 5.0
65:91 17:17 3:8 = 16.041
3:29 26:30 3:8 = 1.0
3:29 27:29 3:8 = 5.0
3:29 28:28 3:8 = 16.041
34:60 26:30 3:8 = 1.0
34:60 27:29 3:8 = 5.0
34:60 28:28 3:8 = 16.041
65:91 26:30 3:8 = 1.0
65:91 27:29 3:8 = 5.0
65:91 28:28 3:8 = 16.041
3:29 37:41 3:8 = 1.0
3:29 38:40 3:8 = 5.0
3:29 39:39 3:8 = 16.041
34:60 37:41 3:8 = 1.0
34:60 38:40 3:8 = 5.0
34:60 39:39 3:8 = 16.041
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65:91 37:41 3:8 = 1.0
65:91 38:40 3:8 = 5.0
65:91 39:39 3:8 = 16.041
3:29 48:52 3:8 = 1.0
3:29 49:51 3:8 = 5.0
3:29 50:50 3:8 = 16.041
34:60 48:52 3:8 = 1.0
34:60 49:51 3:8 = 5.0
34:60 50:50 3:8 = 16.041
65:91 48:52 3:8 = 1.0
65:91 49:51 3:8 = 5.0
65:91 50:50 3:8 = 16.041
3:29 59:63 3:8 = 1.0
3:29 60:62 3:8 = 5.0
3:29 61:61 3:8 = 16.041
34:60 59:63 3:8 = 1.0
34:60 60:62 3:8 = 5.0
34:60 61:61 3:8 = 16.041
65:91 59:63 3:8 = 1.0
65:91 60:62 3:8 = 5.0
65:91 61:61 3:8 = 16.041
3:29 70:74 3:8 = 1.0
3:29 71:73 3:8 = 5.0
3:29 72:72 3:8 = 16.041
34:60 70:74 3:8 = 1.0
34:60 71:73 3:8 = 5.0
34:60 72:72 3:8 = 16.041
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65:91 70:74 3:8 = 1.0
65:91 71:73 3:8 = 5.0
65:91 72:72 3:8 = 16.041
3:29 81:85 3:8 = 1.0
3:29 82:84 3:8 = 5.0
3:29 83:83 3:8 = 16.041
34:60 81:85 3:8 = 1.0
34:60 82:84 3:8 = 5.0
34:60 83:83 3:8 = 16.041
65:91 81:85 3:8 = 1.0
65:91 82:84 3:8 = 5.0
65:91 83:83 3:8 = 16.041
3:29 92:96 3:8 = 1.0
3:29 93:95 3:8 = 5.0
3:29 94:94 3:8 = 16.041
34:60 92:96 3:8 = 1.0
34:60 93:95 3:8 = 5.0
34:60 94:94 3:8 = 16.041
65:91 92:96 3:8 = 1.0
65:91 93:95 3:8 = 5.0
65:91 94:94 3:8 = 16.041
3:29 103:107 3:8 = 1.0
3:29 104:106 3:8 = 5.0
3:29 105:105 3:8 = 16.041
34:60 103:107 3:8 = 1.0
34:60 104:106 3:8 = 5.0
34:60 105:105 3:8 = 16.041
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65:91 103:107 3:8 = 1.0
65:91 104:106 3:8 = 5.0
65:91 105:105 3:8 = 16.041
1:93 1:110 1:2 = 0.005
**$ Property: Permeability J (md) Max: 107.825 Min: 0.05
**$ Property: Permeability J (md) Max: 107.825 Min: 0.05
PERMJ CON 0.05
*MOD
1:93 1:110 3:4 = 0.001
1:93 1:110 5:5 = 0.03
1:93 1:110 6:6 = 0.14
1:93 1:110 7:7 = 0.01
1:93 1:110 8:8 = 0.02
3:29 2:109 3:4 = 0.002
3:29 2:109 5:5 = 0.06
3:29 2:109 6:6 = 0.28
3:29 2:109 7:7 = 0.02
3:29 2:109 8:8 = 0.04
34:60 2:109 3:4 = 0.002
34:60 2:109 5:5 = 0.06
34:60 2:109 6:6 = 0.28
34:60 2:109 7:7 = 0.02
34:60 2:109 8:8 = 0.04
65:91 2:109 3:4 = 0.002
65:91 2:109 5:5 = 0.06
65:91 2:109 6:6 = 0.28
65:91 2:109 7:7 = 0.02
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65:91 2:109 8:8 = 0.04
3:29 4:8 3:8 = 1.0
3:29 5:7 3:8 = 5.0
3:29 6:6 3:8 = 16.041
34:60 4:8 3:8 = 1.0
34:60 5:7 3:8 = 5.0
34:60 6:6 3:8 = 16.041
65:91 4:8 3:8 = 1.0
65:91 5:7 3:8 = 5.0
65:91 6:6 3:8 = 16.041
3:29 15:19 3:8 = 1.0
3:29 16:18 3:8 = 5.0
3:29 17:17 3:8 = 16.041
34:60 15:19 3:8 = 1.0
34:60 16:18 3:8 = 5.0
34:60 17:17 3:8 = 16.041
65:91 15:19 3:8 = 1.0
65:91 16:18 3:8 = 5.0
65:91 17:17 3:8 = 16.041
3:29 26:30 3:8 = 1.0
3:29 27:29 3:8 = 5.0
3:29 28:28 3:8 = 16.041
34:60 26:30 3:8 = 1.0
34:60 27:29 3:8 = 5.0
34:60 28:28 3:8 = 16.041
65:91 26:30 3:8 = 1.0
65:91 27:29 3:8 = 5.0
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65:91 28:28 3:8 = 16.041
3:29 37:41 3:8 = 1.0
3:29 38:40 3:8 = 5.0
3:29 39:39 3:8 = 16.041
34:60 37:41 3:8 = 1.0
34:60 38:40 3:8 = 5.0
34:60 39:39 3:8 = 16.041
65:91 37:41 3:8 = 1.0
65:91 38:40 3:8 = 5.0
65:91 39:39 3:8 = 16.041
3:29 48:52 3:8 = 1.0
3:29 49:51 3:8 = 5.0
3:29 50:50 3:8 = 16.041
34:60 48:52 3:8 = 1.0
34:60 49:51 3:8 = 5.0
34:60 50:50 3:8 = 16.041
65:91 48:52 3:8 = 1.0
65:91 49:51 3:8 = 5.0
65:91 50:50 3:8 = 16.041
3:29 59:63 3:8 = 1.0
3:29 60:62 3:8 = 5.0
3:29 61:61 3:8 = 16.041
34:60 59:63 3:8 = 1.0
34:60 60:62 3:8 = 5.0
34:60 61:61 3:8 = 16.041
65:91 59:63 3:8 = 1.0
65:91 60:62 3:8 = 5.0
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65:91 61:61 3:8 = 16.041
3:29 70:74 3:8 = 1.0
3:29 71:73 3:8 = 5.0
3:29 72:72 3:8 = 16.041
34:60 70:74 3:8 = 1.0
34:60 71:73 3:8 = 5.0
34:60 72:72 3:8 = 16.041
65:91 70:74 3:8 = 1.0
65:91 71:73 3:8 = 5.0
65:91 72:72 3:8 = 16.041
3:29 81:85 3:8 = 1.0
3:29 82:84 3:8 = 5.0
3:29 83:83 3:8 = 16.041
34:60 81:85 3:8 = 1.0
34:60 82:84 3:8 = 5.0
34:60 83:83 3:8 = 16.041
65:91 81:85 3:8 = 1.0
65:91 82:84 3:8 = 5.0
65:91 83:83 3:8 = 16.041
3:29 92:96 3:8 = 1.0
3:29 93:95 3:8 = 5.0
3:29 94:94 3:8 = 16.041
34:60 92:96 3:8 = 1.0
34:60 93:95 3:8 = 5.0
34:60 94:94 3:8 = 16.041
65:91 92:96 3:8 = 1.0
65:91 93:95 3:8 = 5.0
91
65:91 94:94 3:8 = 16.041
3:29 103:107 3:8 = 1.0
3:29 104:106 3:8 = 5.0
3:29 105:105 3:8 = 16.041
34:60 103:107 3:8 = 1.0
34:60 104:106 3:8 = 5.0
34:60 105:105 3:8 = 16.041
65:91 103:107 3:8 = 1.0
65:91 104:106 3:8 = 5.0
65:91 105:105 3:8 = 16.041
1:93 1:110 1:2 = 0.005
**$ Property: Permeability K (md) Max: 107.825 Min: 0.05
**$ Property: Permeability K (md) Max: 107.825 Min: 0.05
PERMK CON 0.05
*MOD
1:93 1:110 3:4 = 0.001
1:93 1:110 5:5 = 0.03
1:93 1:110 6:6 = 0.14
1:93 1:110 7:7 = 0.01
1:93 1:110 8:8 = 0.02
3:29 2:109 3:4 = 0.002
3:29 2:109 5:5 = 0.06
3:29 2:109 6:6 = 0.28
3:29 2:109 7:7 = 0.02
3:29 2:109 8:8 = 0.04
34:60 2:109 3:4 = 0.002
34:60 2:109 5:5 = 0.06
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34:60 2:109 6:6 = 0.28
34:60 2:109 7:7 = 0.02
34:60 2:109 8:8 = 0.04
65:91 2:109 3:4 = 0.002
65:91 2:109 5:5 = 0.06
65:91 2:109 6:6 = 0.28
65:91 2:109 7:7 = 0.02
65:91 2:109 8:8 = 0.04
3:29 4:8 3:8 = 1.0
3:29 5:7 3:8 = 5.0
3:29 6:6 3:8 = 16.041
34:60 4:8 3:8 = 1.0
34:60 5:7 3:8 = 5.0
34:60 6:6 3:8 = 16.041
65:91 4:8 3:8 = 1.0
65:91 5:7 3:8 = 5.0
65:91 6:6 3:8 = 16.041
3:29 15:19 3:8 = 1.0
3:29 16:18 3:8 = 5.0
3:29 17:17 3:8 = 16.041
34:60 15:19 3:8 = 1.0
34:60 16:18 3:8 = 5.0
34:60 17:17 3:8 = 16.041
65:91 15:19 3:8 = 1.0
65:91 16:18 3:8 = 5.0
65:91 17:17 3:8 = 16.041
3:29 26:30 3:8 = 1.0
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3:29 27:29 3:8 = 5.0
3:29 28:28 3:8 = 16.041
34:60 26:30 3:8 = 1.0
34:60 27:29 3:8 = 5.0
34:60 28:28 3:8 = 16.041
65:91 26:30 3:8 = 1.0
65:91 27:29 3:8 = 5.0
65:91 28:28 3:8 = 16.041
3:29 37:41 3:8 = 1.0
3:29 38:40 3:8 = 5.0
3:29 39:39 3:8 = 16.041
34:60 37:41 3:8 = 1.0
34:60 38:40 3:8 = 5.0
34:60 39:39 3:8 = 16.041
65:91 37:41 3:8 = 1.0
65:91 38:40 3:8 = 5.0
65:91 39:39 3:8 = 16.041
3:29 48:52 3:8 = 1.0
3:29 49:51 3:8 = 5.0
3:29 50:50 3:8 = 16.041
34:60 48:52 3:8 = 1.0
34:60 49:51 3:8 = 5.0
34:60 50:50 3:8 = 16.041
65:91 48:52 3:8 = 1.0
65:91 49:51 3:8 = 5.0
65:91 50:50 3:8 = 16.041
3:29 59:63 3:8 = 1.0
94
3:29 60:62 3:8 = 5.0
3:29 61:61 3:8 = 16.041
34:60 59:63 3:8 = 1.0
34:60 60:62 3:8 = 5.0
34:60 61:61 3:8 = 16.041
65:91 59:63 3:8 = 1.0
65:91 60:62 3:8 = 5.0
65:91 61:61 3:8 = 16.041
3:29 70:74 3:8 = 1.0
3:29 71:73 3:8 = 5.0
3:29 72:72 3:8 = 16.041
34:60 70:74 3:8 = 1.0
34:60 71:73 3:8 = 5.0
34:60 72:72 3:8 = 16.041
65:91 70:74 3:8 = 1.0
65:91 71:73 3:8 = 5.0
65:91 72:72 3:8 = 16.041
3:29 81:85 3:8 = 1.0
3:29 82:84 3:8 = 5.0
3:29 83:83 3:8 = 16.041
34:60 81:85 3:8 = 1.0
34:60 82:84 3:8 = 5.0
34:60 83:83 3:8 = 16.041
65:91 81:85 3:8 = 1.0
65:91 82:84 3:8 = 5.0
65:91 83:83 3:8 = 16.041
3:29 92:96 3:8 = 1.0
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3:29 93:95 3:8 = 5.0
3:29 94:94 3:8 = 16.041
34:60 92:96 3:8 = 1.0
34:60 93:95 3:8 = 5.0
34:60 94:94 3:8 = 16.041
65:91 92:96 3:8 = 1.0
65:91 93:95 3:8 = 5.0
65:91 94:94 3:8 = 16.041
3:29 103:107 3:8 = 1.0
3:29 104:106 3:8 = 5.0
3:29 105:105 3:8 = 16.041
34:60 103:107 3:8 = 1.0
34:60 104:106 3:8 = 5.0
34:60 105:105 3:8 = 16.041
65:91 103:107 3:8 = 1.0
65:91 104:106 3:8 = 5.0
65:91 105:105 3:8 = 16.041
1:93 1:110 1:2 = 0.005
**$ Property: Pinchout Array Max: 1 Min: 1
**$ 0 = pinched block, 1 = active block
PINCHOUTARRAY CON 1 CROCKTYPE 1
CROCKTAB
**$ press por mult hor perm mult ver perm mult
14.7 0.70 0.02 0.02
1000 0.76 0.03 0.03
2000 0.79 0.04 0.04
3000 0.83 0.06 0.06
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4000 0.87 0.10 0.10
5000 0.91 0.30 0.30
6000 0.95 0.60 0.60
6600 1.00 1.00 1.00
7000 1.00 1.00 1.00
**CIRREVERS CROCKTYPE 2
CROCKTAB
**$ press por mult hor perm mult ver perm mult
14.7 0.92 0.92 0.92
1000 0.93 0.93 0.93
2000 0.94 0.94 0.94
3000 0.96 0.96 0.96
4000 0.98 0.98 0.98
5000 0.99 0.99 0.99
6000 1.00 1.00 1.00
6600 1.00 1.00 1.00
7000 1.00 1.00 1.00
**CIRREVERS













** PVT UNITS CONSISTENT WITH *INUNIT *FIELD
** Temperature is in deg F
** Pressure is in psia
** Densities are in lb/ft3
** GOR is in SCF / STB of oil
** Oil formation volume factor is in reservoir BBL / STB
** Gas formation volume factor is in reservoir BBL / SCF
** Viscosities are in centipoises (cP)
** Surface tension is in lbf/ft
** Summary of Black Oil Table PVT Table Generation at 240.0 deg F
** component feed,% injected gas,%
** ——— —— ————–
** CO2 0.280 100
** H2O 0.000 0
** N2 toCH4 22.134 0
** C2HtoC3H 16.823 0
** IC4toC7 21.784 0
** C8 toC11 16.193 0
** C12toC30 22.785 0
MODEL MISNCG
TRES 240
** pressure, solution oil gas oil gas
** psia GOR(2) FVF(1) FVF(3) vis,cp vis,cp
98
** —————————————————————–
**$ p Rs Bo Bg viso visg
**$ p Rs Bo Bg viso visg
**$ p Rs Bo Bg viso visg
**$ p Rs Bo Bg viso visg
**$ p Rs Bo Bg viso visg
**$ p Rs Bo Bg viso visg
PVT BG 1
**$ p Rs Bo Bg viso visg
313 84.3714 1.1325 0.01051 0.4598 0.01303
513 139.869 1.1651 0.00629 0.4192 0.01358
713 194.209 1.1954 0.00444 0.3874 0.01404
913 249.396 1.225 0.00342 0.36 0.01451
1113 306.412 1.2551 0.00276 0.3355 0.01503
1313 365.902 1.2861 0.00231 0.313 0.01561
1540.78 437.404 1.323 0.00194 0.2894 0.0164
2000 581.561 1.3975 0.00147 0.2457 0.01834
3000 895.474 1.5597 0.001 0.1648 0.02429
4000 1209.39 1.7218 0.00079 0.0991 0.03258
5000 1523.3 1.884 0.00068 0.0448 0.04322
6000 1837.21 2.0462 0.00061 -0.001 0.05621
7000 2151.13 2.2083 0.00057 -0.04 0.07154
























































































































































































































































































** (1) FVF: oil formation vol. factor, vol of oil + dissolved
** gas at indicated P & T / vol residual oil at 14.70 psia 60.0 deg F
** (2) cu. ft. of gas at 14.70 psia 60.0 deg F / bbl of oil at 14.70 psia 60.0 deg F
** (3) FVF: formation volume factor, vol of gas bbl at indicated P & T per vol of gas cu
ft.
109
** at 14.70 psia 60.0 deg F









** pressure, solution solvent solvent
** psia WOR FVF vis,cp omega
** —————————————————-
**$ p Rss Bs viss omega os
**$ p Rss Bs viss omega os
**$ p Rss Bs viss omega os
PVTS BS
**$ p Rss Bs viss omega os
313 24.261 0.010703 0.020067 0
513 39.356 0.006317 0.020376 0
713 53.134 0.004394 0.020768 0
913 65.684 0.003317 0.021258 0
1113 77.092 0.00263 0.021866 0
1313 87.446 0.002156 0.022611 0
1540.78 98.065 0.00177 0.023655 0
2000 116.187 0.001277 0.026479 0
3000 144.721 0.000791 0.035514 0.5
110
4000 164.872 0.000605 0.045434 0.5
5000 180.971 0.000515 0.054178 0.5
6000 194.793 0.000462 0.061807 0.5
7000 207.142 0.000427 0.068737 0.5




** The following is the complete WinProp fluid model description.
WINPROP *TITLE1 ’Recombined Sample From Separator Oil and Separator Gas’
WINPROP *TITLE2 ’Lumping Benzene into C6, Toluene into C7, Xylene into C8, and
Trimethal into C9’
WINPROP *TITLE3 ’ ’
WINPROP *INUNIT *FIELD
WINPROP *MODEL *PR *1978
WINPROP *NC 7 7
WINPROP *PVC3 1.2000000E+00
WINPROP *COMPNAME
WINPROP ’CO2 ’ ’H2O ’ ’N2 toCH4’ ’C2HtoC3H’ ’IC4toC7 ’
WINPROP ’C8 toC11’ ’C12toC30’
WINPROP *HCFLAG
WINPROP 3 2 1 1 1 1 1
WINPROP *SG
WINPROP 8.1800000E-01 1.0000000E+00 3.2759873E-01 4.2811372E-01 6.7824700E-01
WINPROP 7.7655869E-01 8.6995111E-01
WINPROP *TB




WINPROP 7.2800000E+01 2.1760000E+02 4.4475517E+01 4.5197184E+01 3.4146166E+01
WINPROP 2.5095551E+01 1.4792793E+01
WINPROP *VCRIT
WINPROP 9.4000000E-02 5.6000000E-02 9.8215360E-02 1.7314478E-01 3.1985481E-01
WINPROP 4.7991852E-01 9.5438968E-01
WINPROP *TCRIT
WINPROP 3.0420000E+02 6.4730000E+02 1.8512396E+02 3.3745485E+02 4.9270184E+02
WINPROP 5.9890612E+02 7.7082110E+02
WINPROP *AC
WINPROP 2.2500000E-01 3.4400000E-01 1.0602802E-02 1.2339477E-01 2.3898689E-01
WINPROP 3.7932959E-01 7.1549469E-01
WINPROP *MW
WINPROP 4.4010000E+01 1.8015000E+01 1.7016610E+01 3.6666526E+01 7.8931616E+01
WINPROP 1.2791942E+02 2.7416321E+02
WINPROP *BIN






WINPROP 0.0000000E+00 0.0000000E+00 0.0000000E+00 0.0000000E+00 0.0000000E+00
WINPROP 0.0000000E+00 0.0000000E+00
WINPROP *ZRA








WINPROP 1.0230000E-01 2.3364000E-02 5.8533000E-02 -4.0758000E-02 9.3324000E-03
WINPROP *OMEGA
WINPROP 4.5723553E-01 4.5723553E-01 4.0621686E-01 5.3107056E-01 7.5130065E-01
WINPROP 5.0672388E-01 2.9267696E-01
WINPROP *OMEGB
WINPROP 7.7796074E-02 7.7796074E-02 6.1751433E-02 1.0305801E-01 6.8336999E-02
WINPROP 1.0000000E-01 5.6990277E-02
WINPROP *PCHOR
WINPROP 1.2649116E+02 5.2000000E+01 4.2926607E+01 1.0407512E+02 2.2984268E+02
WINPROP 3.6578029E+02 7.0878314E+02
WINPROP *HENRYC
WINPROP 5.6452350E+03 1.6763559E+00 1.0000000E+20 1.0000000E+20 1.0000000E+20
WINPROP 1.0000000E+20 1.0000000E+20
WINPROP *REFPH
WINPROP 2.1298387E+01 2.1298387E+01 2.1298387E+01 2.1298387E+01 2.1298387E+01
WINPROP 2.1298387E+01 2.1298387E+01
WINPROP *VINFINITY




WINPROP 0.0000000E+00 -9.5641780E-02 3.1168201E-04 -5.1310000E-08 0.0000000E+00
0.0000000E+00 0.0000000E+00
WINPROP -1.9300100E+00 4.4764200E-01 -2.1898000E-05 3.0496000E-08 -5.6618000E-
12 2.7722000E-16 -3.0025100E-01
WINPROP 0.0000000E+00 1.6791740E-01 4.0141674E-04 -5.1310000E-08 0.0000000E+00
0.0000000E+00 0.0000000E+00
WINPROP 0.0000000E+00 1.3492191E-01 4.1035336E-04 -5.1310000E-08 0.0000000E+00
0.0000000E+00 0.0000000E+00
WINPROP 0.0000000E+00 -1.9678345E-04 4.0082705E-04 -5.4019780E-08 0.0000000E+00
0.0000000E+00 0.0000000E+00
WINPROP 0.0000000E+00 -5.0288785E-02 4.2949776E-04 -6.5343510E-08 0.0000000E+00
0.0000000E+00 0.0000000E+00
WINPROP 0.0000000E+00 -2.8117565E-02 4.0885347E-04 -5.9593400E-08 0.0000000E+00
0.0000000E+00 0.0000000E+00
WINPROP *COMPOSITION *PRIMARY
WINPROP 2.8005601E-03 0.0000000E+00 2.2134427E-01 1.6823365E-01 2.1784357E-01
WINPROP 1.6193239E-01 2.2784557E-01
WINPROP *COMPOSITION *SECOND








**Sw krw kro Pc
114
**Sg krg kro Pc
** refpr bwi cw uw




**$ Sg krg krog Pcog
SGT
0 0 1.00000 0.000
0.050 0 0.58320 0.000
0.100 6.85871E-04 0.40960 0.000
0.200 0.01852 0.17280 0.000
0.300 0.08573 0.05120 0.000
0.400 0.23525 0.00640 0.000
0.500 0.50000 0 0.000
**$ Property: Rel Perm Set Num Max: 1 Min: 1
RTYPE CON 1
**$ Sw krw krow Pcow
SWT
0.250 0 1.00000 0.000
0.300 0 0.80000 0.000
0.400 9.75461E-04 0.37641 0.000
0.500 0.01561 0.13717 0.000
0.600 0.07901 0.02963 0.000
0.700 0.24972 0.00110 0.000








VERTICAL DEPTH AVE WATER OIL EQUIL
































**1 GROUP ’G’ ATTACHTO ’FIELD’
**$
WELL ’P001’ *ATTACHTO ’G’
*XFLOW-MODEL ’P001’ *FULLY-MIXED
WELL ’P002’ *ATTACHTO ’G’
*XFLOW-MODEL ’P002’ *FULLY-MIXED
*PRODUCER ’P001’
*OPERATE *MIN *BHP 2500
**$ UBA ff Status Connection
**$ UBA ff Status Connection
**$ UBA ff Status Connection
**$ rad geofac wfrac skin
GEOMETRY K 0.3645 0.37 1.0 0.0
PERF GEOA ’P001’
**$ UBA ff Status Connection
16 107 6 1.0 OPEN FLOW-TO ’SURFACE’ REFLAYER
16 103 6 1.0 OPEN FLOW-TO 1
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16 96 6 1.0 OPEN FLOW-TO 2
16 92 6 1.0 OPEN FLOW-TO 3
16 85 6 1.0 OPEN FLOW-TO 4
16 81 6 1.0 OPEN FLOW-TO 5
16 74 6 1.0 OPEN FLOW-TO 6
16 70 6 1.0 OPEN FLOW-TO 7
16 63 6 1.0 OPEN FLOW-TO 8
16 59 6 1.0 OPEN FLOW-TO 9
16 52 6 1.0 OPEN FLOW-TO 10
16 48 6 1.0 OPEN FLOW-TO 11
16 41 6 1.0 OPEN FLOW-TO 12
16 37 6 1.0 OPEN FLOW-TO 13
16 30 6 1.0 OPEN FLOW-TO 14
16 26 6 1.0 OPEN FLOW-TO 15
16 19 6 1.0 OPEN FLOW-TO 16
16 15 6 1.0 OPEN FLOW-TO 17
16 8 6 1.0 OPEN FLOW-TO 18
16 4 6 1.0 OPEN FLOW-TO 19
*PRODUCER ’P002’
*OPERATE *MIN *BHP 2500
**$ UBA ff Status Connection
**$ UBA ff Status Connection
**$ UBA ff Status Connection
**$ rad geofac wfrac skin
GEOMETRY K 0.3645 0.37 1.0 0.0
PERF GEOA ’P002’
**$ UBA ff Status Connection
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78 107 6 1.0 OPEN FLOW-TO ’SURFACE’ REFLAYER
78 103 6 1.0 OPEN FLOW-TO 1
78 96 6 1.0 OPEN FLOW-TO 2
78 92 6 1.0 OPEN FLOW-TO 3
78 85 6 1.0 OPEN FLOW-TO 4
78 81 6 1.0 OPEN FLOW-TO 5
78 74 6 1.0 OPEN FLOW-TO 6
78 70 6 1.0 OPEN FLOW-TO 7
78 63 6 1.0 OPEN FLOW-TO 8
78 59 6 1.0 OPEN FLOW-TO 9
78 52 6 1.0 OPEN FLOW-TO 10
78 48 6 1.0 OPEN FLOW-TO 11
78 41 6 1.0 OPEN FLOW-TO 12
78 37 6 1.0 OPEN FLOW-TO 13
78 30 6 1.0 OPEN FLOW-TO 14
78 26 6 1.0 OPEN FLOW-TO 15
78 19 6 1.0 OPEN FLOW-TO 16
78 15 6 1.0 OPEN FLOW-TO 17
78 8 6 1.0 OPEN FLOW-TO 18
78 4 6 1.0 OPEN FLOW-TO 19
DATE 2005 2 28
DATE 2005 6 30
DATE 2005 8 31
DATE 2005 9 30
DATE 2005 11 30
DATE 2006 1 31
DATE 2006 2 28
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DATE 2006 3 31
DATE 2006 5 31
DATE 2006 6 30
DATE 2006 10 31
DATE 2007 3 31
DATE 2007 5 31
DATE 2007 7 31
DATE 2007 12 31
DATE 2008 12 31
*DATE 2009 12 31




*OPERATE *MAX *STS 500000. *CONT
*OPERATE *MAX *BHP 7000. *CONT *REPEAT
**$ UBA ff Status Connection
**$ UBA ff Status Connection
**$ rad geofac wfrac skin
GEOMETRY K 0.3645 0.37 1.0 0.0
PERF GEOA ’I001’
**$ UBA ff Status Connection
47 107 6 1.0 OPEN FLOW-FROM ’SURFACE’ REFLAYER
47 103 6 1.0 OPEN FLOW-FROM 1
47 96 6 1.0 OPEN FLOW-FROM 2
47 92 6 1.0 OPEN FLOW-FROM 3
47 85 6 1.0 OPEN FLOW-FROM 4
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47 81 6 1.0 OPEN FLOW-FROM 5
47 74 6 1.0 OPEN FLOW-FROM 6
47 70 6 1.0 OPEN FLOW-FROM 7
47 63 6 1.0 OPEN FLOW-FROM 8
47 59 6 1.0 OPEN FLOW-FROM 9
47 52 6 1.0 OPEN FLOW-FROM 10
47 48 6 1.0 OPEN FLOW-FROM 11
47 41 6 1.0 OPEN FLOW-FROM 12
47 37 6 1.0 OPEN FLOW-FROM 13
47 30 6 1.0 OPEN FLOW-FROM 14
47 26 6 1.0 OPEN FLOW-FROM 15
47 19 6 1.0 OPEN FLOW-FROM 16
47 15 6 1.0 OPEN FLOW-FROM 17
47 8 6 1.0 OPEN FLOW-FROM 18
47 4 6 1.0 OPEN FLOW-FROM 19
DATE 2010 12 31
DATE 2011 12 31
DATE 2012 12 31
DATE 2013 12 31
DATE 2014 12 31
DATE 2015 12 31
DATE 2016 12 31
DATE 2017 12 31
DATE 2018 12 31
DATE 2019 12 31
DATE 2020 12 31
DATE 2021 12 31
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DATE 2022 12 31
DATE 2023 12 31
DATE 2024 12 31
DATE 2025 12 31
DATE 2026 12 31
DATE 2027 12 31
DATE 2028 12 31
DATE 2029 12 31
DATE 2030 12 31
DATE 2031 12 31
DATE 2032 12 31
DATE 2033 12 31
DATE 2034 12 31
STOP
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